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1.0 EXECUTIVE SUMMARY

1.1 Purpose

Many exploration and production programs are based on analogy with known successful plays. For 
example, the 1981 Barnett discovery well was tested only because of its encouraging well-log character 
compared to the Devonian Shale play of the Appalachian Basin (Steward, 2007). Some drilling programs, on 
the other hand, emphasize the individuality of any particular play. In this vein, the distinctive mineral compo-
sition, organic content, maturity, and mechanical properties of the Marcellus may make this reservoir unique 
among gas shales (Wells and Gognat, 2009; Berman, 2009). Perhaps to be expected, a review of the published 
literature indicates that the Barnett and Marcellus Shales share a number of critical geological and engineering 
features, but they also exhibit several important differences. And within each play there exists a large vari-
ability in drilling results, from one geographic area to another and from one company to another. In truth, a 
thorough knowledge of key characteristics of the two formations—such as similarities and/or dissimilarities in 
rock type, hydrocarbon potential, ability to fracture the shale, and sweet spots—will aid operators in both the 
Fort Worth and Appalachian Basins.

This present study compares and contrasts critical geological characteristics of the Barnett and Marcellus 
Shales and successful engineering practices used in drilling and stimulation. Specific topics include stratigra-
phy, structure, and lithofacies; organic carbon content, thermal maturity, and reservoir characteristics; fracture 
stimulation, horizontal drilling, and well performance. With this knowledge, producers in both regions should 
better understand the controls on gas volumes and distribution, those reservoir properties that influence gas 
production, and how drilling and stimulation techniques can be more effective in the future. 

1.2 Summary

In terms of geology, the Barnett and Marcellus are remarkably alike. Both shales accumulated in a 
foreland basin created along the convergent margin of tectonic plates. The basins are bordered by a prominent 
thrust belt (Ouachita/Appalachian), structural arch (Bend/Cincinnati), and Precambrian uplift (Llano/
Adirondack). They have an asymmetrical form, in that the structurally deepest axis lies immediately adjacent 
to the thrust front, and the strata shallow gently toward the opposite arch. A number of basement structures 
were reactivated during orogenic deformation, including major faults (Mineral Wells and Newark East/Rome 
and Clarendon-Linden) and arches (Bend and Lampasas/Cincinnati and Waverly) that influenced thickness 
patterns of the shale and overlying formations. After shale deposition, each basin filled with approximately 
10,000 feet of post-orogenic sediments. 

The stratigraphic composition of both units consists of organic-rich shale and limestone, and the forma-
tions are divided into a lower shale member, a middle limestone (perhaps two in the Marcellus), and an upper 
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shale member. Specific rock types of the Barnett Shale are dense, organic-rich, soft, thin-bedded, petroliferous, 
fossiliferous shale and hard, black, finely crystalline, petroliferous, fossiliferous limestone. Similar rock types 
of the Marcellus include splintery, soft to moderately soft, gray to brownish black to black, carbonaceous, 
highly radioactive shale with beds of limestone and carbonate concretions. The mineral composition, too, is 
reportedly similar (Table 1). Geologists in both basins routinely identify rock types, and particularly the black 
shale, by well-log values, such as a gamma-ray reading of greater than 150–200 API units or a bulk density 
less than 2.40–2.50 g/cm3.

Both foreland basins were occupied by a narrow, restricted seaway bordered on the foreland side by a 
shallow-water carbonate platform (Chappel Limestone/Delaware Limestone). Marine upwelling contributed 
to algal blooms (radiolarians/Tasmanites) in the biologically-productive surface water. In the deep ocean, 
however, circulation was poor, the water column stratified, and bottom water was anaerobic to dysaerobic. 
Increased tectonic loading in the nearby thrust belt led to a rapid deepening of the basin, and water depth 
reached 550–700 feet/ft (Barnett) or 300–1,000 ft (Marcellus). In this environment hemipelagic mud and 
pelagic skeletal tests—the black-shale facies—accumulated on the sea floor. Sometime after deposition of the 
Barnett (following the Marble Falls Formation) and immediately after deposition of the Marcellus, coarser-
grained deltaic sediments (Bend Formation/Mahantango Formation) prograded across the basin from the 
orogenic belt and buried these black shales. 

Geological differences are limited but significant. The Fort Worth Basin was bordered on its outboard 
side by an island-arc system which supplied very little coarse-grained sediment to the Barnett Shale. On the 
other hand, the Appalachian Basin was bordered on its outboard side by a newly raised tectonic highland. 
Thus, in that direction the Marcellus Shale contains coarse-grained clastics of nearshore environments: gray, 
silty and calcareous shale and sandstone. Contemporary volcanic eruptions deposited the Tioga Ash at or 
near the base of the Marcellus. Limestone interbeds in the Barnett (including the middle Forestburg Member) 
formed as mass-gravity or turbidity flows of skeletal material derived from surrounding carbonate platforms. 
Immediately after black-shale deposition, a temporary expansion of the western carbonate produced the over-
lying Marble Falls Formation. Limestone interbeds in the Marcellus (such as the Purcell and Cherry Valley 
Members) were produced by a fall of sea level and temporary aerobic conditions. 

Only one set of natural fractures (strike 100–120°) is recognized in the Barnett. Fractures tend to be 
mineralized, especially near major faults, and may be wider and more common in limestone interbeds. They 
formed by tectonic movements associated with the Ouachita Orogeny. In contrast, an orthogonal set of natural 
fractures (striking 60–75° and 315–345°) occur in the Marcellus. In outcrop the fractures are generally open, 
and they do not penetrate carbonate beds or concretions. They are thought to have formed by natural hydraulic 
fracturing when the shale was buried 4–5 km deep and generating hydrocarbons. 

The presence of karst in the underlying Ellenburger Group results in high-angle normal faults, karst fault-
chimneys, and local subsidence features in the Barnett Shale. The karst fault-chimneys occur at a spacing of 
about one per sq mi, range from 20–200 acres in size, and commonly extend through the stratigraphic section 
from the underlying unconformity up to the Bend Formation. Similar karst-influenced structures are absent in 
the Marcellus.

The Appalachian Basin may have contained several subbasins during the time of Marcellus Shale accu-
mulation, leading to discontinuous deposits across the central basin area. Because of the subsequent Allegheny 
Orogeny, the Marcellus experienced extensive post-depositional deformation, such as the development of 
pencil cleavage, cleavage duplexes, and complex folding that is not present in the Barnett. 

Table 1.  Typical mineral composition for the Barnett and Marcellus Shales.

Mineral 
Barnett 

(percent) 
Marcellus 
(percent) 

Quartz 35-50 10-60 
Clays, primarily illite 10-50 10-35 
Calcite, dolomite, siderite 0-30 3-50 
Feldspars 7 0-4 
Pyrite 5 5-13 
Phosphate, gypsum trace trace 
Mica 0 5-30 
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In terms of basic reservoir characteristics, the Barnett and Marcellus are practically identical. 
• porosity approximately 6%.

• permeability measured in microdarcies to nanodarcies, affected by the presence of liquid hydrocarbons.

• water saturation around 20–30%, water bound to clay minerals, no free water.

• gas saturation around 70–80%, gas stored in interstitial pores and microfractures and adsorbed onto 
solid organic matter and kerogen.

• adsorbed gas as low as 20–25% or as high as 40–60%.

• normally pressured to slightly overpressured (0.46–0.52 psi/ft) although the Marcellus is underpres-
sured in a large area of the play (0.10–0.35 psi/ft).

• formation pressure 3,000 to 4,000 psi where the gradient is normal.

• drilling depth 4,000–8,500 ft (Barnett) and 2,000–10,000 ft (Marcellus).
In terms of hydrocarbon generation, differences between the Barnett and Marcellus are more pronounced. 

Gas in place (GIP) is estimated at 140–200 billion cubic feet of gas per square mile (bcfg/sq mi) or 170–250 
standard cubic feet of gas per ton (scfg/t) for the Barnett Shale, and 20–150 bcfg/sq mi or 60–100 scfg/t for the 
Marcellus.

Total GIP for the play is perhaps 390 trillion cubic feet of gas (tcfg) for the Barnett and 500 tcfg for the 
Marcellus. Regardless, the underlying principle of exploration and drilling programs in both basins is that 
critical geological-petroleum characteristics parallel the regional trends of depositional environment, basin 
structure, thermal maturity, and subcropping formations. 

On the basis of unit surface area of the play (bcfg/sq mi), the Barnett has an in-place gas volume 30 to 
100 % greater than that of the Marcellus. Gas volume is a function of several shale attributes including organic 
richness, kerogen type, thermal maturity, gas expulsion, and formation thickness, and in an overall sense con-
ditions were more favorable in the Barnett. 

1. The total organic carbon (TOC) content varies from 2–12% in both formations and is greater in the 
lower member. Typical TOC values, however, are 2–6% for the Barnett and 2–10% for the Marcellus, 
that is, in general the Marcellus is organically richer. 

2. Barnett kerogen is type II with a minor admixture of type III, whereas Marcellus kerogen has a slightly 
greater mixture of type III. Because type II kerogen generates a greater quantity of hydrocarbons and 
at a lower temperature, the conversion of Barnett organic matter to natural gas was probably a more 
effective process. 

3. Thermal maturity of the shale in both the Fort Worth and Appalachian Basins is attributed to post-dep-
ositional burial beneath Upper Paleozoic strata (which increases more-or-less uniformly across each 
basin) and to hydrothermal heating in and around deep-seated faults (which causes local highs around 
the fault). The Barnett vitrinite reflectance value (Ro) marking the beginning of dry gas (Ro = 1.2) is 
considerably lower than usual (Marcellus Ro = 1.6), and attributed to chemical interactions between 
petroleum, kerogen, and clay minerals in the shale or to a slow geological heating rate. Although maxi-
mum vitrinite reflectance values for the Marcellus are higher (1.7/3.5), reflecting a higher paleotem-
perature, the transformation ratio (amount of kerogen converted to hydrocarbons) is about the same: 
Barnett—32% where immature to 93% where late mature to post mature, and Marcellus—over 90% 
where post mature. 

4. Calculations of hydrocarbon expulsion from the two shale formations encompass a great uncertainty, 
but estimates of gas loss by primary migration are less for the Barnett (20–60%) than for the Marcellus 
(54% or more). 

5. The Barnett’s thickness ranges from 50–1,000 ft whereas that of the Marcellus, from a feather edge to 
660 ft. In summary GIP seems to be greater in the Barnett because it contains more type II kerogen, is 
thicker, and has lost less gas to expulsion.
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The core area of the Barnett Shale is delineated by Ro ≥ 1.1 and the presence of underlying and overlying 
frac barriers (Viola-Simpson and Marble Falls Formations). The entire gas-shale play is defined by the geo-
graphic extent of the shale to the east and north and a minimum thickness of 100 ft to the west. The core area 
of the Marcellus is marked by Ro ≥ 1.6, the presence of an underlying frac barrier (Onondaga Limestone), and 
a minimum thickness of 50 ft. The entire gas play is defined by the geographic extent of the shale. Total gas 
in place for the Marcellus play may be 25% greater (390 tcfg/500 tcfg). This reversal from a higher Barnett 
GIP based on unit surface area is because of the very much larger area of the Marcellus gas-shale play (9,000 
sq mi/75,000 sq mi). Vitrinite reflectance values, which in large part establish a most important border of the 
core area in both basins, can be suppressed; that is, they may underestimate the degree of thermal maturity 
and maximum paleotemperature (suppression is seemingly related to kerogen type, amount, and diagenesis). 
Suppression would mean that the core’s boundary line for dry gas in both plays would shift to the west some 
considerable distance. 

Many of the drilling and stimulation techniques applied in the Marcellus play, primarily slickwater frac-
ture treatment and horizontal drilling, were first developed and then perfected in the Barnett. 

The Barnett and Marcellus plays have become so very successful because their beds of siliceous shales 
behave in a brittle fashion and fracture easily. Fractures drain a very small volume of rock, apparently just 
a few feet; hence, a long and wide fairway must be established between natural and artificial fractures. Well 
stimulation generates geometrically complex fairways (with many fractures in multiple orientations) which 
can be mapped by tilt meters and microseismic geophysics. Fairways in the Barnett Shale are characteristi-
cally square to rectangular in shape, 1,500–3,000 ft long, and 400–1,000 ft wide. The artificial fractures orient 
themselves with today’s natural stress system and are generally perpendicular to the set of prominent natural 
fractures. 

A typical slickwater frac in the Barnett Shale consists of 500,000–6,000,000 gal fresh water (higher 
volumes in horizontal wells) with friction-reducing additives, 80,000–1,000,000 lb sand proppant (greater 
weights in horizontal wells), and a pumping rate of 50–100 barrels per minute (bbl/min). 20–70% of the 
injected frac fluid is returned over 2–3 days or more up to the life of the well (shorter period reflects better 
completion technique). Lower and upper shale members of the Barnett are treated either in combination or 
individually (however a longer fracture fairway develops with the latter). Re-stimulation by slickwater treat-
ment is accomplished after several years of production, connecting additional reservoir rock to the borehole 
and sometimes exceeding the original initial production.

A typical slickwater frac in the Marcellus Shale consists of 100,000–850,000 to as much as 4,000,000 gal 
water (higher volumes in horizontal wells), 250,000–750,000 lbs sand proppant, and a pumping rate of 30–100 
bbl/min. About half of the frac fluid remains in the reservoir after cleanup. Refracture treatment can use 25% 
more frac fluid than the original stimulation.

The role of natural fractures is highly debated in both basins. Do natural fractures contribute significantly 
to gas production? What are their height, aperture size, and density in the subsurface? What specific rock prop-
erties control fracture density? Do open natural fractures exist in the subsurface, or are they mostly healed? 
Are natural fractures open and unmineralized away from major faults? Do open natural fractures inhibit the 
growth of induced fractures? Do natural fractures in the middle limestone connect upper and lower shale 
members? Are healed fractures unresponsive to well stimulation, or do they serve as zones of weakness during 
treatment? Answers to these important questions are often contradictory. 

Fracture barriers are necessary in the stratigraphic section to control the height of the fracture so that 
stimulation energy is not conducted away from the shale (which would reduce the efficiency of well stimula-
tion) and to keep the induced fractures from intersecting any nearby water-bearing unit (water entering the 
shale formation from adjacent stratigraphic units would severely decrease gas production). Water encroach-
ment into the Barnett from the underlying Ellenburger Group can be a significant problem, but water move-
ment into the Marcellus from the Oriskany-Huntersville Formations is poorly understood at present. Dense 
limestones typically have a higher fracture threshold than the shale; these rocks are not prone to fracture at 
the gradients required to fracture the shale, and with proper stimulation design they should serve as an excel-
lent fracture barrier. Suitable limestone barriers exist beneath the Barnett and Marcellus (Viola-Simpson 
Formations/Onondaga-Selinsgrove Limestones) and above (Marble Falls Formation/Tully Limestone). 
Thick siltstones and limestones in the Mahantango Formation may also be a barrier above the Marcellus. 
Additionally middle limestone members (Forestburg/Purcell and Cherry Valley) can serve as a frac barrier 
within the formation, effectively separating the upper and lower shale members. The sweet spot of gas pro-
duction is identified in part by the presence of these barriers, and where they are absent, the drilling risk is 
considered to be higher.
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Horizontal wells are drilled for a number of reasons: to increase reservoir exposure to the borehole, to 
drain several parallel sections of the reservoir thus increasing the overall drainage area, to reduce the chance of 
fractures breaking into an adjacent water-bearing formation, and to minimize disturbance to surface structures. 
In addition such wells generally yield a higher initial potential and estimated ultimate recovery

In the Barnett Shale wells are commonly drilled normal to the expected propagation direction of the 
hydraulically induced fractures. The length of horizontal laterals can reach 5,000 ft although the optimum is 
about 2,500–3,500 ft. At a close well spacing (30 acres), fracture treatments overlap and per-well reserves fall. 
Wells with a shorter lateral require a single stimulation and the casing is uncemented; however unstimulated 
gaps may remain in the reservoir. Wells with greater lateral length require multiple-stage stimulation and 
the casing is cemented; however problems may develop with fracture initiation. If the spacing of perforation 
clusters in a multiple-stage stimulation is too close, a stress shadow can restrict fracture growth in the middle 
cluster; fracture growth will then be disproportionately higher in the heel and toe. The optimal cluster spacing 
to reduce fracture interference is 1.5 times the fracture height (which is typically 300–400 ft). To reduce the 
probability of creating multiple competing fractures, the cluster length should be less than 4 times the well-
bore diameter (that is, less than 4 ft). A cement system (preferably acid-soluble) isolates the annulus between 
perforation clusters and facilitates the creation of independent hydraulic fractures at each cluster. Utilizing a 
cross-linked gel and 100-mesh sand in the pad stage of treatment produces fewer and wider dominant frac-
tures, which improves the ability to disperse later proppants in the region around the borehole. 

In the Marcellus Shale horizontals are oriented to intersect permeable natural fractures with either the 
borehole or the induced fracture network. Laterals are usually drilled with an inhibited, water-based mud 
although some operators use oil-based mud for its compatibility with the shale and to increase the penetration 
rate. Laterals extend for 2,000 to 6,000 ft. Multiple stages with cemented production casing are required to 
fracture-perforate the shale (generally 4 to 8 stages) because sufficient pressure cannot be maintained to induce 
fractures over the complete lateral. One variation involves an open hole with isolation by mechanical packer in 
conjunction with fracture-stimulation-initiation sleeve. An example of a sequenced hydraulic fracture treat-
ment is:  acid treatment to clean drilling mud from around the borehole and initiate the fracturing process; 
slickwater pad to fill the borehole and open the formation for friction-reduction purposes and to facilitate the 
flow and placement of the proppant farther into the fracture network; fine-proppant succession with an increas-
ing concentration of proppant to carry fine sand deep into the induced fractures; coarse-proppant succession; 
and finally flushing with fresh water to remove excess proppants. Simultaneous fracs and zipper fracs between 
neighboring horizontals have proven successful in preventing communication between the fracture fairways 
and to maximize borehole contact with the reservoir.

Increasingly, horizontal wells are drilled to the Barnett and Marcellus because of their higher initial 
potential, higher estimated ultimate recovery, lower finding-and-development cost, shallower decline curve, 
and better rate of return (Table 2). The plain attraction is that a horizontal well may cost approximately 2–3 
times that of a vertical, but the initial potential can be 3–4 times as much. Moreover, complete development of 
a property may require 4 or more vertical wells compared to 1 horizontal, or 16 vertical wells compared to one 
multiwell pad for horizontals. Good horizontal wells tend to be very good. 

Table 2.  Comparison of gas volumes and well costs between a vertical and horizontal well in the Barnett and Marcellus Shales1.

[tcfg, trillion cubic feet of gas; bcfg, billion cubic feet of gas; Mcfg/d, thousand cubic feet of gas per day; %, percent; <, less than; --, no data available]

 Barnett Marcellus

 Vertical well Horizontal well Vertical well Horizontal well

Undiscovered, technically recoverable gas, tcfg 39 50
Well spacing 27-55 acres 40 acres 160 acres
Initial potential (IP), Mcfg/d 700-1,000 1,600-2,500 <1,000 1,400-9,000 
Estimated ultimate reserves (EUR), bcfg 0.7-1.0 2.4-3.5 0.2-0.4 0.6-3.5 

Recovery efficiency 7-12%; 12-20% with closer well spacing and 
shorter laterals; up to 20% with refrac 10%; 18-20% with refrac

Production decline 60-65% first year 50-55% first year -- 67% first 105 days

Well cost $1,000,000 $2,000,000 $800,000 to 
$1,800,000 

$3,000,000 to 
$4,000,000 

Finding and development cost, per Mcfg $1.71 $1.06 -- $1.34
1 From various sources.
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1.3 Outcrop Photographs of Barnett and Marcellus Shales

The Barnett Shale exposed on the Llano uplift near San Saba, Texas. Barnett Shale (B), 
Chappel Limestone (C), and dolomite of the Ellenburger Group (E).
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Chappel Limestone (C) separated from Ellenburger Group (E) by unconformity.

Overlying limestone and shale of the Marble Falls Formation.
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Overlying cherty limestone and shale of the Marble Falls Formation.
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The Marcellus Shale exposed in the Valley and Ridge Province near Keyser, West Virginia. 
Vertical black shale with few limestone interbeds.
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Kathy Bruner on Marcellus Shale outcrop near Bedford, 
Pennsylvania. Photograph by Daniel J. Soeder, DOE.

Richard Smosna examining Marcellus Shale outcrop near Bedford, Pennsylvania.  
Photograph by Daniel J. Soeder, DOE.



1.0 EXECUTIVE SUMMARY  11

Type section of the Marcellus Shale, 1 mile south of Marcellus, New York. Photograph by 
Daniel J. Soeder, DOE.
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Geologists swarm over Marcellus Shale exposed on a rock face in the Hanson Aggregates 
quarry in Oriskany Falls, New York. The flat area in the foreground where several geologists 
are standing is the top of Onondaga Limestone below the Marcellus Shale. Above the 
Onondaga, the lower, organic-rich Union Springs Member of the Marcellus Shale is about 20 
feet thick in this quarry. The blocky, meter-thick Cherry Valley Limestone is visible above it.  
The Oatka Creek Member above the Cherry Valley has more clay and is more fissile than the 
Union Springs. Most of the upper part of the Oatka Creek Member is missing here. The cobble 
and gravelly material at the top of the exposure is glacial till from the last Ice Age, and is much 
younger than these rocks. Photograph by Daniel J. Soeder, DOE.
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2.0 INTRODUCTION
In recent decades the production of natural gas from unconventional reservoirs in the U.S. has increased 

significantly. Unconventional resources include gas from tight sand, coalbed methane, and shale gas. In 2006 
production of natural gas from unconventional reservoirs accounted for 43 percent of domestic gas production 
(8.5 trillion cubic feet of a total 18.6 tcfg), a dramatic increase from 16 percent in 1990 (2.8 tcfg of a total 17.2 
tcfg; Energy Information Administration, 2008). 

Of particular interest to this study are the unconventional organic-rich shales of the Fort Worth and 
Appalachian basins, the Barnett and Marcellus Shales respectively (Figure 1). Recent studies estimate that the 
two formations together may hold as much as 89 tcfg of undiscovered, technically recoverable gas—39 tcfg 
in the Barnett and 50 tcfg in the Marcellus (Powell, 2008; Engelder and Lash, 2008). These shale-gas systems 
are a continuous-type accumulation characterized by widespread gas saturation (areally extensive and charged 
with gas throughout), subtle trapping mechanism, a seal of variable lithology, and relatively short hydrocarbon 
migration distance (Roen, 1993; Curtis, 2002). Gas in these reservoirs is stored in three states:  free gas in 
natural fractures and interparticle porosity, adsorbed gas on kerogen and clay particles, and gas dissolved in 
kerogen and bitumen (Schettler and Parmely, 1990; Martini and others, 1998).

Producing gas economically from shale reservoirs is challenging. In contrast to conventional reservoirs, 
very few shale wells can achieve commercial production without stimulation. (Those wells with unstimulated 
production almost always intercept well developed fracture systems.) Shale reservoirs with commercial 
production exhibit a wide variation in five key parameters:  1) reservoir thickness, 2) total organic carbon, 3) 
thermal maturity, 4) volume of gas in place, and 5) fraction of adsorbed gas. Such reservoirs, however, share 
the common characteristics of very low permeability and some degree of natural-fracture development, which 
are both controlling factors in gas producibility (Curtis, 2002). In addition, the shale serves as source rock, 
reservoir, and seal for the gas.

Figure 1.  Location of Mississippian Barnett Shale, Fort Worth Basin, and Devonian Marcellus Shale, 
Appalachian Basin.
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Gas exploration and production in the Barnett Shale of the Fort Worth Basin, Texas, has been ongoing 
for almost 30 years. Rapid growth in the play began in the mid-late 1990s with the application of economical 
slickwater-fracture stimulation combined with improved technology in horizontal drilling (Johnston, 2004a). 
Activity in the Marcellus Shale of the Appalachian Basin of Pennsylvania, New York, and West Virginia is 
much more recent, spanning just over 5 years. Following the proven success of slickwater-fracture stimulation 
in Texas, producers in the Appalachian Basin are now using the same technology for successful completions in 
the Marcellus. 

This study describes significant geological and engineering features of the Barnett and Marcellus Shales 
as reported in the published literature. Many of these characteristics are well known, others are only poorly 
understood, and some are quite controversial. Nevertheless, with this knowledge producers in both regions 
should better comprehend the controls on gas volumes and distribution, reservoir properties that influence 
production, and how drilling and stimulation techniques can be more effective in the future. 

3.0 BARNETT SHALE, FORT WORTH BASIN, TEXAS

3.1 Location

The Barnett Shale is present across the Fort Worth Basin and adjoining Bend Arch in north-central Texas 
(Figure 2), extending over a total area of 28,000 sq miles. The formation outcrops on the Llano Uplift at the 
southern margin of the basin and dips northward into the deep subsurface near the Texas/Oklahoma border. 
Geographic limits of the Barnett include the Ouachita Thrust front to the east, the Muenster and Red River 
Arches to the north, and the Eastern shelf and Concho Arch to the west (Montgomery and others, 2005; 
Pollastro, 2007). The gas-shale play covers roughly the eastern third (approaching 9,000 sq miles) of the entire 
geographic area of the Barnett. 

Most Barnett production is from a limited area in the northern part of the basin where the shale is rela-
tively thick (Montgomery and others, 2005). The Newark East field, the sweet spot of shale-gas production, 
covers parts of Denton, Wise, and Tarrant Counties although the entire three-county area comprises the core of 
the play (Hayden and Pursell, 2005). The Newark East field is currently the largest gas field in Texas covering 
500 sq miles, with over 2,400 producing wells and 2.7 tcfg of proven reserves (Durham, 2005; Montgomery 
and others, 2005).

The play has expanded from the core area northward into Montague and Cooke Counties and immedi-
ately southward into Parker and Johnson Counties (Figure 3). Operators are also exploring in Clay, Jack, Palo 
Pinto, Erath, Hood, Somervell, Hamilton, Bosque, Dallas, Ellis, and Hill Counties to the west, south, and east 
(Johnston, 2004a; Powell, 2008). Hayden and Pursell (2005) divided the non-core area into Tier 1 counties 
(Johnson, Parker, and Hood) and Tier 2 (counties to the west and south) based on the present level of devel-
opment and assessed risk. The biggest risks involve estimating an initial production rate, decline rate, and 
thermal maturity.

The core area approximately corresponds to the Greater Newark East Fracture-Barrier Continuous 
Barnett Shale Gas Assessment Unit (1,800 sq miles) of the U.S. Geological Survey, and Tier 1 and 2 counties 
approximately correspond to the Extended Continuous Barnett Shale Gas Assessment Unit (7,000 sq miles) 
(Montgomery and others, 2005; Pollastro, 2007).

3.2 Geological Setting

3.2.1 Fort Worth Basin

The Fort Worth Basin is one of several that formed during the late Paleozoic Ouachita Orogeny, gener-
ated by convergence of Laurussia and Gondwana (Figures 4 and 5). It was part of the foreland basin situated 
on the southern leading edge of Laurussia. Paleogeographic reconstructions by Gutschick and Sandburg 
(1983), Arbenz (1989), and Blakely (2005) depict the Fort Worth Basin as a narrow, restricted, inland seaway. 



3.0 BARNETT SHALE, FORT WORTH BASIN, TEXAS  15

Figure 2.  Fort Worth Basin showing the major geological features that influence the Barnett Shale and structural 
contours. The main producing area of the Newark East field is indicated by darker shading. Contours are drawn on 
top of the Ordovician Ellenburger Group; contour intervals equal 1,000 feet. Modified from Hill and others, 2007a, 
and Montgomery and others, 2005.
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Figure 3.  Stages of exploration in the Barnett Shale, 1998–2007. Modified from 
Barnett Shale Maps, 2007.

Figure 4.  Regional paleogeography of the southern mid-continent region during 
the Late Mississippian (325 Ma), showing the approximate position of the Fort Worth 
Basin. Modified from Blakey, 2005; Loucks and Ruppel, 2007.
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Today the basin is a shallow, asymmetric feature with a north-south structural axis that parallels the 
Ouachita Thrust front (Figure 2) (Lancaster and others, 1993). This front marks the boundary between the 
Ouachita thrust-and-fold deformation belt to the east and the Fort Worth Basin. The basin axis lies imme-
diately adjacent to this thrust front, and the basin is structurally deepest in the northeast (Montgomery and 
others, 2005). The basin shallows gently toward positive features in the west (Bend Arch) and southwest 
(Llano Uplift). The Bend Arch is a shallow structural feature, whereas the Llano Uplift is a dome that exposes 
Precambrian and Paleozoic rocks. Farther to the west are the Eastern (carbonate) shelf and Concho Arch. To 
the north are two fault-bounded basement uplifts, the Muenster and Red River Arches (Loucks and Ruppel, 
2007). 

3.2.2 Stratigraphy

The Mississippian stratigraphic section in the Fort Worth Basin consists of limestone and organic-rich 
shale (Figure 6). The Barnett Shale, in particular, consists of dense, organic-rich, soft, thin-bedded, petrolifer-
ous, fossiliferous shale and hard, black, finely crystalline, petroliferous, fossiliferous limestone (Lancaster and 
others, 1993). It is mostly Late Mississippian in age, ranging from Osagean through Chesterian (Hayden and 
Pursell, 2005; Montgomery and others, 2005). 

In the northeastern portion of the basin, the Barnett is divided into informal upper and lower shale mem-
bers by the presence of the intervening Forestburg Limestone Member (Hayden and Pursell, 2005; Loucks 
and Ruppel, 2007). In addition, the shale members themselves contain a significant volume of interbedded 
limestone and minor dolomite in the north. The lower member can be subdivided into five distinct shale units 
separated by limestone beds 10–30 ft thick (Figure 7) (Johnston, 2004a), but these subdivisions are only local 
in extent (Kuuskraa and others, 1998). Over the Bend Arch the lower Barnett passes laterally into the Chappel 
Limestone (Figure 6), a crinoidal limestone with local buildups up to 300 ft (Montgomery and others, 2005). 
The upper shale is usually thinner than the lower member and not divided. Two typical well logs from the 
Newark East field (Figure 8) illustrate the general stratigraphy. The middle Forestburg Member ranges up 
to 300 ft (Loucks and Ruppel, 2007), but thins to a feather edge in southernmost Wise and Denton Counties 
(Figure 9) (Montgomery and others, 2005; Barnett Shale Maps, 2007). Where the Forestburg is absent, the 
Barnett is treated as a single, undifferentiated formation.

An isopach map of the Barnett (Figure 10) shows it to be less than 50 ft thick to the southwest along the 
Llano Uplift (Barnett Shale Maps, 2007). Because thickness-contour lines parallel the trend of the uplift, the 
edge of the Barnett there seems to be its depositional limit. The formation thickens to the northeast across the 
basin to a maximum of 800 ft near the Muenster Arch; however, several authors cite a maximum of 1,000 ft 

Figure 5.  Middle Mississippian paleogeographic map of the United States 
indicating that the Fort Worth Basin was relatively deep. Modified from Gutschick 
and Sandberg, 1983; Loucks and Ruppel, 2007.
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Figure 6.  Generalized stratigraphic 
column, Fort Worth Basin. Barnett  
Shale is highlighted by shading. 
Expanded section (right) shows details  
of the Mississippian stratigraphy. V-S 
refers to Viola-Simpson interval.  
Modified from Montgomery and others, 
2005.

Figure 7.  Lower Barnett member locally divided into 5 unit (A through E) packages 
of shale interbedded with limestone. Modified from Johnston, 2004a.
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Figure 8.  Two well logs in the Newark East Field. Modified from Montgomery and 
others, 2005.
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Figure 9.  Extent of Barnett Shale in the Fort Worth Basin and (a) pinch-out line of middle Forestburg 
Limestone Member in orange, (b) pinch-out line of underlying Viola-Simpson Formations in dark 
green, and (c) pinch-out line of overlying Marble Falls Formation in purple. Modified from Barnett 
Shale Maps, 2007.
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Figure 10.  Thickness of Barnett Shale, isopach lines in red, contour interval equals 50 and 100 ft. 
Line A-A’ marks the approximate axis of deposition. Modified from Barnett Shale Maps, 2007.
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(Johnston, 2004a; Montgomery and others, 2005; Loucks and Ruppel, 2007). The truncation of thickness-con-
tour lines to the north and west by a line marking the maximum extent of the Barnett suggests that these edges 
must be erosional in nature (Lancaster and others, 1993). Furthermore, local thinning of the formation along 
the axis of the Bend and Lampasas Arches (because of erosion, nondeposition, or lateral facies change) hints 
that such structures were active during the time of Barnett deposition. The Barnett may also extend beneath 
the Ouachita Thrust belt to the east where its character is unknown (Loucks and Ruppel, 2007). A northeast-
southwest line through the area of thickest Barnett (from the Llano Uplift to the Muenster Arch) marks the 
approximate axis of deposition (Pollastro and others, 2003).

Silurian and Devonian-age rocks are absent in the Fort Worth Basin, and the Barnett unconformably 
overlies Ordovician carbonate rocks. The Middle to Upper Ordovician Viola-Simpson Formations consist of 
dense, coarsely crystalline to micritic limestone and dolomitic limestone. The Viola also contains sandstone, 
anhydrite, and halite (Cheney, 1929). These strata are confined to the northeastern part of the basin (Figure 9), 
disappearing along an erosional pinch-out that trends northwest-southeast through Wise, Tarrant, and Johnson 
Counties (Figure 11) (Montgomery and others, 2005). The Lower Ordovician Ellenburger Group comprises 
porous dolomite and limestone with abundant chert. Everywhere its upper surface is an erosional unconfor-
mity characterized by karst, solution-collapse, and brecciated structures (Loucks, 2003). The Ellenburger 
occurs below the Viola-Simpson limestones in the area of the Newark East field, or directly below the Barnett 
Shale southwest of the Viola-Simpson pinch-out, or below the Chappel Limestone to the west along the Bend 
Arch (Figure 6). 

Conformably overlying the Barnett is the Marble Falls Formation, mostly Pennsylvanian in age although 
the lowest strata may be Late Mississippian (Montgomery and others, 2005). The Marble Falls consists of a 
lower member of interbedded dark limestone and gray-black shale (also called the Comyn Formation) and 
an upper member of white to gray, crystalline limestone. The lower shale is less radioactive and contains 
less organic matter than that of the underlying Barnett (Montgomery and others, 2005). The Marble Falls 
Formation thins to the east and is locally absent around Johnson County (Figures 9 and 11) (Montgomery and 
others, 2005). There, the younger Pennsylvanian Bend Formation, consisting of porous sandstone and con-
glomerate, overlies the Barnett (Hentz and others, 2006).

Figure 11.  North-south structural cross section through the Newark East Field, showing the pinch out 
of stratigraphic units above and below the Barnett Shale. Modified from Barnett Shale Maps, 2007.
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3.2.3 Tectonics and Structure

Geological mapping and seismic studies show that the Barnett Shale extends northward from outcrops 
on the Llano uplift at the southern margin of the Fort Worth Basin into the deep subsurface near the Texas/
Oklahoma border (refer back to Figure 10). Figure 2 is a structural-contour map on the top of the underlying 
Ellenburger Group (approximately the base of the Barnett). The maximum depth of the Barnett is about 8,000 
ft below sea level (drilling depth of 8,500 ft) near the Muenster Arch. 

The asymmetrical, wedge-shaped Fort Worth Basin (refer back to Figure 2) is a peripheral foreland basin 
containing up to 12,000 feet of Paleozoic strata (Hill and others, 2007a). The Ouachita structural front to 
the east was created as the orogenic belt advanced westward onto the margin of Laurussia (North America). 
Emplacement of this deformation belt caused a gradual down warping of the pre-existing Ellenburger carbon-
ate platform in Middle to Late Mississippian time, and the Barnett was deposited during this initial stage of 
basin deepening. Continued migration of the structural front through Early to Middle Pennsylvanian time 
resulted in the westward shift of the depocenter (Figure 12) (Thompson, 1982). Ouachita Thrust sheets may 
have been obstructed locally by pre-existing positive areas on the craton, such as the Llano Uplift (Thompson, 
1982). Erosion of the Barnett Shale occurred around the basin margins perhaps in the Early Pennsylvanian. 

Large-scale structures in and around the basin formed in conjunction with Ouachita thrusting (Figure 2). 
The Muenster and Red River Arches, which had formed as part of the Precambrian-Cambrian Southern 
Oklahoma aulacogen (Keller, 2005), were reactivated during the Ouachita Orogeny. Major basement faults 
define the southern margin of these two arches (Flawn and others, 1961; Montgomery and others, 2005). 
In particular, the flanking fault along the Muenster Arch is a down-to-the-southwest normal fault with an 
estimated 5,000 ft of displacement (Figure 12) (Flawn and others, 1961). The Bend Arch is a broad, north-
plunging positive structure that marks the western hinge line of basin subsidence—the peripheral bulge of the 
Ouachita thrust-and-fold belt (Flippen, 1982). Periodic uplift of this arch from Middle Ordovician through 
Early Pennsylvanian time resulted in several erosional unconformities (Flippen, 1982; Pollastro and others, 
2003).

Figure 12.  North-south and west-east cross sections through the Fort Worth Basin, illustrating the 
structural position of the Barnett Shale between the Muenster Arch, Bend Arch, and Llano Uplift. 
Modified from Barnett Shale Maps, 2007.
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The Mineral Wells Fault and Lampasas Arch are smaller structures that lie within the Fort Worth Basin 
(Figure 2). The Mineral Wells Fault, which bisects the Newark East field where it joins with the Newark East 
fault system, is another basement structure that underwent reactivation during the Ouachita Orogeny. It is 
thought to have influenced thickness patterns of the Barnett Shale and overlying Bend Formation as well as the 
thermal history and hydrocarbon migration in the northern part of the basin (Thompson, 1982; Pollastro and 
others, 2003). The Lampasas Arch may be related to development of the Llano Uplift (Browning and Martin, 
1982). 

Also present are high-angle normal and graben faults of various orientations throughout the basin (often 
associated with either the Ouachita Thrust front, Llano Uplift, or Mineral Wells Fault) and minor thrust-fold 
structures along the eastern basin margin (Walper, 1982; Montgomery and others, 2005). Faulting and local 
subsidence may also be associated with karst and solution-collapse features on top of the Ellenburger Group 
(Gale and others, 2007). Rarely faults exhibit slickensides and calcite-cemented breccia. 

Small-scale structures include natural fractures (which, if open and intersected by a well, increase gas 
deliverability) and microfractures. Natural fractures in the producing area, as observed in core and formation 
microimager (FMI) logs, range in width from 0.02–0.2 mm and have a strike of 100–120° (mean 114°) and dip 
of 74–80° SW (Lancaster and others, 1993; Kuuskraa and others, 1998; Johnston, 2004a). Fractures tend to 
be wider in the carbonate rocks (up to 2 mm), and fractures may or may not be more common in interbedded 
limestones (Gale and others, 2007; Jarvie and others, 2007). Natural fractures in the northern part of the basin 
parallel the axis of the Muenster Arch (Montgomery and others, 2005). Hydraulically induced fractures, on the 
other hand, have an orientation that reflects today’s stress field, striking 45–80° (mean 60°) and dipping 81° 
NW. The natural fractures are of limited vertical extent, generally terminating within the cored section  
(0.5–32 in long) (Lancaster and others, 1993; Bowker, 2007b), and they have almost always been mineralized 
by calcite (or less commonly quartz, albite, pyrite, barite, and dolomite; Gale and others, 2007). Near major 
fault planes, 75–80% of the fractures are mineralized (Johnston and others, 2004a; Montgomery and others, 
2005; Givens and Zhao, 2009). Gale and others (2007) speculated on the possibility of large open fractures 
in the Barnett Shale, but Bowker (2007a) argued that open natural fractures cannot exist in areas where the 
formation is overpressured. Microfractures, though seldom studied, are attributed to the generation of hydro-
carbons in organic-rich facies of the Barnett Shale.

3.2.4 Lithology and Lithofacies

The Barnett Shale, as determined by core and outcrop studies, is dominated by clay- and silt-size sedi-
ment with occasional beds of skeletal debris. Lithologically the formation consists of black siliceous shale, 
limestone, and minor dolomite (Papazis, 2005; Montgomery and others, 2005; Loucks and Ruppel, 2007). The 
lithologic log of a typical Barnett core is depicted in Figure 13.

Silica makes up approximately 35–50% of the formation by volume and clay minerals less than 35%. As 
reported by Bowker (2002), the mean composition is:  45% quartz (primarily altered radiolarian tests), 27% 
illite with minor smectite, 8% calcite and dolomite, 7% feldspars, 5% organic matter, 5% pyrite, 3% siderite, 
and traces of native copper and phosphate material. Givens and Zhao (2009) reported a similar mineral content 
except for significantly more calcite and dolomite (15–19%). Jarvie and others (2007) presented mineral data 
from a Barnett well with 40–60% quartz, 40–60% clay minerals, and a highly variable calcite content (Figure 
14a). Loucks and Ruppel (2007) offered the following averages for their siliceous-mudstone lithofacies:  41% 
quartz, 29% clays, 9% pyrite, 8% feldspar, 6% calcite, 4% dolomite, and 3% phosphate. Ternary diagrams 
(Figure 14b) show relative proportions of clay, carbonate (calcite, dolomite, siderite, and ankerite), and other 
minerals (quartz, plagioclase and K-spar, pyrite, and phosphate) by stratigraphic member and by lithofacies 
(Loucks and Ruppel, 2007). A basal zone (10 ft thick) in the east-central part of the basin contains abundant 
apatite (phosphate mineral). The shale’s relative brittleness can be appraised by the ratio of quartz/(quartz + 
calcite + clays) (Figure 14a; Jarvie and others, 2007).

Hickey and Henk (2007) recognized two major lithofacies—organic shale and fossiliferous shale—and 
four additional facies produced by diagenetic alteration—dolomite rhomb shale, dolomitic shale, concretion-
ary carbonate (skeletal wackestone and mudstone), and phosphorite (phosphatized pellets, ooids, shells, and 
shale matrix). Total organic carbon content is highest (mean near 5%) in the organic shale and phosphorite.

Based on detailed petrologic analysis, Loucks and Ruppel (2007) recognized three lithofacies. (1) 
Laminated siliceous mudstone is the predominant rock type in the lower and upper members. Major com-
ponents include silt-sized peloids (fecal pellets and flocculated clay particles) and fragmented skeletal mate-
rial (radiolarians, sponges, mollusks, foraminifera, conodonts, calcareous algae, and echinoderms; mostly 
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Figure 13.  The lithologic log of a typical Barnett core. Modified from Slatt and 
others, 2009.

Figure 14a.  Left: mineral content of the Barnett Shale in terms of quartz, clay 
minerals, and calcite. Right: relationship between gas flow and thermal maturity and 
shale brittleness (Q/(Q+C+Cl). Modified from Jarvie and others, 2007.

Figure 14b.  Ternary diagrams of Barnett mineral content by member (A) and by 
lithofacies (B). Modified from Loucks and Ruppel, 2007.
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transported). Silt-sized detrital quartz, plagioclase, and potassium feldspar are also present. The mudstone 
ranges from calcareous to noncalcareous. (2) Laminated argillaceous lime mudstone is the predominant rock 
type in the middle Forestburg Limestone Member. Calcite (lime mud and silt-sized particles) and dolomite 
(30-micron crystals) are the main constituents, but clay minerals, quartz, feldspars, and pyrite are common. 
Fossils include radiolarians, sponge spicules, and mollusks. The laminated structure results from the alterna-
tion of clay-poor and clay-rich limestone layers. (3) Skeletal argillaceous lime packstone is present in the 
lower and upper members. Thin beds of physically compacted shells (mollusks, brachiopods, sponges, and 
radiolarians) and transported phosphate debris (peloids, intraclasts, and coated grains) are separated by thin 
laminae of organic-rich skeletal siliceous mudstone. In addition, Loucks and Ruppel (2007) identified large 
calcareous concretions, smaller phosphate and pyrite concretions, and phosphate-pyrite hardgrounds. 

Rock type has been linked to the well logs by Jarvie (2004) and Hickey and Henk (2007). Black shale is 
identified by a high gamma-ray reading and separation of the neutron and density logs. Phosphatic shale has 
a gamma-ray value of greater than 150 API units, calcareous black shale 130–140 API units, and grainstone 
limestone 100–120 API units. Dolomitic black shale has a gamma-ray value of 100–120 API units and shows 
crossover of the neutron and density logs. Bulk density increases with a greater carbonate and phosphate con-
tent and a reduced organic content.

3.2.5 Depositional Environment

Mississippian paleogeographic reconstructions by Gutschick and Sandberg (1983), Blakey (2005), and 
Loucks and Ruppel (2007) depict the Fort Worth Basin to have been occupied by a narrow seaway (Figures 4 
and 5). This seaway was bordered by an island-arc chain to the east-southeast and the Eastern (Chappel) car-
bonate platform to the west. Barnett deposition occurred during an early stage of foreland-basin development.

Although some authors (for example, Lancaster and others, 1993, and Fisher and others, 2002) con-
sidered the Barnett to be a normal-marine shelf deposit, presumably because of its limestone interbeds and 
contained fossils, Loucks and Ruppel (2007) interpreted the formation as having originated in a deep-water 
slope-to-basin setting (Figure 15). The lithofacies (described previously in section 3.2.4) suggest that the sea 
floor was below storm wave base and the oxygen-minimum zone. Oceanic circulation was restricted and the 
water column stratified, accounting for the dysaerobic to anaerobic conditions of deposition. Marine upwell-
ing contributed to blooms of planktonic radiolarians and the production of phosphate grains (Gutschick and 
Sandberg, 1983). Maximum water depth was estimated to have been greater than 600 feet by Gutschick and 
Sandberg (1983) and 700 feet by Loucks and Ruppel (2007). Deposition began during a second-order high-
stand of sea level, but eustatic sea level fell 150 feet by the end of Barnett time (Ross and Ross, 1987; Loucks 
and Rupple, 2007). Superimposed on this overall fall were numerous third-order fluctuations (parasequences) 
of relative sea level (Loucks and Ruppel, 2007; Slatt and others, 2009). 

Terrigenous clay minerals, fine quartz, and silt-sized feldspars were sourced in the Caballos Arkansas 
island arc chain (Figures 4 and 5), a low-lying land area to the southeast that contributed little coarse-grained 
sediment (Lancaster and others, 1993; Loucks and Ruppel, 2007). The fine sediment settled from hemipelagic 
plumes that originated near the island arc chain, along with pelagic skeletal tests from the oxygenated surface 
waters. Coarser carbonate sediment, mostly fragmented shell material, was transported from the Eastern 
(Chappel) carbonate platform. The platform was dominated by crinoidal lime sediment and pinnacle reefs, and 
shell material moved down slope into the basin as hemipelagic plumes, dilute turbidity currents, and debris 
flows (Henry, 1982; Montgomery and others, 2005; Loucks and Ruppel, 2007). Some carbonate debris flows 
entered from a northern source as well (Bowker, 2007a), perhaps eroded from exposed Ellenburger carbonate 
rocks on or beyond the Muenster Arch. Such mass-gravity flows may have introduced—infrequently and 
temporarily—oxygenated water into the deep basin, accounting for a limited benthonic fauna of foraminifera 
and burrowers (Hickey and Henk, 2007). Once deposited on the basin floor, the sediment was occasionally 
reworked by contour currents. 

Characteristics of the depositional facies have also been inferred by geochemical analyses of Barnett oils 
(Hill and others, 2007a). The analyses include pristane/phytane ratio, hopane/sterane ratio, C19/C23 tricyclic 
terpane ratio, C35/C34 and C33/C32 homohopane ratio, and gammacerane/hopane ratio. Collectively this evidence 
suggests that the shale source rock formed from type II kerogen (mainly marine algae) under normal-marine 
salinity and dysaerobic conditions.
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3.3 Petroleum Geology

3.3.1 Organic Carbon Content

The total organic carbon (TOC) content by weight in the Barnett Shale is reported to average 3.16–3.26 
by Jarvie (2004), 3.3–4.5% by Montgomery and others (2005), and 2.4–5.1% by Jarvie and others (2007). 
These values were measured in cores and well cuttings taken from the north-central part of the basin where 
the rocks are thermally mature. Pollastro and others (2003) suggested that highest average TOC values in the 
Fort Worth Basin follow the northeast-southwest axis of deposition (Figure 10). According to the classification 
scheme of Peters and Cassa (1994), the Barnett is a very good (TOC = 2–4%) to excellent (TOC > 4%) source 
rock in terms of its organic richness. The organic content is generally highest in the silica-rich and phosphatic 
beds (lowest in the dolomitic and calcitic beds), mostly in the lower shale member but also in the upper 
Barnett. The TOC in the middle Forestburg Limestone Member averages only 1.8% (Montgomery and others, 
2005), perhaps because higher oxygen levels associated with carbonate deposition led to greater degradation 
of the contained organic matter.

In contrast, values of TOC reach 11–13% in Barnett outcrop samples from near the Llano Uplift, where 
the rocks are thermally immature (Jarvie and others, 2001; Hayden and Pursell, 2005). This regional difference 
reflects the partial conversion of organic matter to petroleum where the rock is thermally mature; the TOC 
is thought to have decreased 36–50% with increasing maturity from immature to postmature (Pollastro and 
others, 2003; Jarvie and others, 2007). Back-calculations of geochemical data suggest that when originally 
deposited, the shale contained as much as 20% total organic carbon in the southern basin (Bowker, 2003) and 
5–12% in the central basin (Montgomery and others, 2005).

Hill and others (2007b) provided the following maceral composition for two Barnett samples:  amorphous 
kerogen 91–93% (with occasional algal Tasmanites), vitrinite 3–5%, inertinite 1–5%, and exinite 1%. 
Amorphous kerogen is unrecognizable organic matter, but frequently assumed to originate from marine algae. 

Figure 15.  Generalized model for the Barnett Shale showing depositional profile, 
sedimentary processes, and distribution of biota. Modified from Loucks and Ruppel, 
2007.
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Vitrinite is derived from lignin and cellulose in the cell walls of land plants and humic peat. Exinite represents 
the casings of pollen and spores, and inertinite is fossilized charcoal. The kerogen is classified as Type II (with 
minor admixture of Type III) and oil-prone when immature (1.41 hydrogen/carbon ratio and 0.10 oxygen/car-
bon ratio). Pollastro and others (2003) and Jarvie and others (2007) reported an original hydrogen index (HI 
measured by Rock-Eval) of 350–475 milligrams hydrocarbon per gram of TOC.

Hickey and Henk (2007) recognized that a good linear correlation exists between TOC and grain density 
measured in the lab:  TOC (wt %) = 85.9 – 30.8 x grain density (g/cc). They speculated that a similar cor-
relation exists between TOC and wire-line bulk density. Resistivity readings on Barnett well logs range from 
10–1,000 ohms, and density porosity ranges from 0–16 porosity units (Johnston, 2004a). Neutron-porosity 
values read slightly to much higher than density-porosity values.

3.3.2 Thermal Maturity and Burial History

Vitrinite reflectance (Ro) is the measure most commonly cited to assess the thermal maturity of the 
Barnett Shale. An increasing value of Ro reflects a greater thermal maturity of the source rock, which in turn 
influences the expected hydrocarbons generated (Table 3). However, Hill and others (2007b) cautioned that the 
rate of heating can influence the temperature required for a particular value of Ro.

A map of Ro (isoreflectance) values for the Barnett Shale across the basin indicates a general trend of 
increasing thermal maturity toward the east-northeast (Figure 16a and 16b) (Montgomery and others, 2005). 
Values range from a minimum of less than 0.7 near the Llano Uplift and near the Red River Arch, to a maxi-
mum of greater than 1.7 along the Ouachita Thrust belt. 

Ro does not change uniformly across the area; rather, local increases and decreases from the regional 
trend reflect the presence of intrabasinal structures. Values are locally higher adjacent to the Ouachita Thrust 
front, the Mineral Wells-Newark East fault system, and Lampasas Arch and locally lower over the Bend 
Arch (Figure 16). Pollastro and others (2003) and Montgomery and others (2005) attributed these anomalies 
to a complex burial history with multiple thermal events and to hydrothermal heating in and around deep-
seated faults. Bowker (2007a) thought that thermal maturity was controlled exclusively by proximity to the 
Ouachita Thrust front and associated hot brines. A burial-history diagram (Figure 17) illustrates three stages 
to the thermal history of the Barnett Shale (Montgomery and others, 2005). Following deposition in the Late 
Mississippian, an initial stage of rapid burial occurred in the Pennsylvanian and Permian. Jarvie and others 
(2001) postulated that primary oil and gas were generated during this first stage, possibly with some secondary 
cracking of oil. The second stage occurred while the Barnett remained at an elevated temperature (240–285oF) 
from the Late Permian through the Early Cretaceous. Gas was generated at that time by the cracking of oil, 
bitumen, and kerogen. The third stage, extending from the Late Cretaceous to Tertiary, was one of uplift and 
erosion of the overburden. Montgomery and others (2005) hinted that oil may also have been generated during 
this last stage when the pressure and temperature dropped.

Paralleling the general trend of Ro is a regional change in reported hydrocarbon production (Figure 18) 
(Montgomery and others, 2005). (1) Oil production roughly follows the isoreflectance line Ro= 0.9, occurring 
to the west over the Bend Arch and Eastern shelf and extending along the northern margin of the basin. In 
Brown County (Ro= 0.6–0.7%) the Barnett yields oil of 38° API gravity (Pollastro and others, 2003). 

Table 3.  Relationship between vitrinite-reflectance value (% Ro), stage of thermal 
maturity, and generated hydrocarbons in the Barnett Shale.

Ro

(percent) 
Maturity Thermogenic hydrocarbons 

0.20-0.60 Immature none 
0.60-0.70 Early Mature top of oil window 
0.70-1.00 Peak Mature peak oil 
1.00-1.40 

Late Mature 
oil and wet gas

1.00-1.10 top of gas window
1.20-1.30 peak wet gas
1.40-2.10 Post Mature peak dry gas 
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Figure 16a.  Isoreflectance map, Fort Worth Basin and Bend Arch. Contour interval 
Ro= 0.2%. Modified from Montgomery and others, 2005.
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Figure 16b.  Detailed map showing reflectance values in vicinity of Newark East 
Field. Modified from Montgomery and others, 2005.

Figure 17.  Burial-history diagram for Barnett Shale in southwestern Fort Worth 
Basin. Modified from Montgomery and others, 2005.
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Figure 18.  Left: Regional trend in reported production from the Barnett Shale; modified from Montgomery and others, 2005. 
Right: Contour lines of BTU data for Barnett hydrocarbons; modified from Givens and Zhao, 2009.
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(2) Production of dry gas roughly follows the isoreflectance line Ro = 1.2 along the Ouachita Thrust front to 
the east, the bounding fault of the Muenster Arch, and the structural axis of the basin. (3) Production of gas 
with oil occurs in the intervening area where Ro = 0.9–1.2. The onset of oil cracking seems to begin near Ro = 
1.3 (Hill and others, 2007b). Moreover, within the gas window the eastward increase in maturity is accompa-
nied by a decrease in gas wetness and in heating content (BTU >1,400 in oil-prone area, BTU = 1,050–1,380 
in gas-prone area; Givens and Zhao, 2009). Where vitrinite-reflectance data are lacking, some geologists use 
the gas BTU content as an indicator of thermal maturity (Figure 18).

Thermal maturity of the Barnett Shale can also be derived from TOC and Rock-Eval (Tmax and HI) 
measurements. For example, Jarvie (2004) found that Tmax ranges between 430–465°C in samples from the 
oil window and between 465–580°C in the gas window. Pollastro and others (2003) reported well cuttings 
of low-maturity samples with an average 3.2% TOC to have a Tmax of less than 435°C. Moreover, Pollastro 
and others (2003) reported samples from the wet-gas/dry-gas window to have a hydrogen index (HI) of less 
than 100 (equivalent Ro value > 3.1%; TOC = 4.5%). Interestingly, Jarvie and others (2007) suggested that the 
thermal-maturity boundary of the Barnett (and hence its potential gas production) based on chemical assess-
ment may extend farther westward in the basin compared to assessment made by vitrinite reflectance.

3.3.3 Reservoir Characteristics

The Barnett Shale is in effect a single, very large (continuous) gas resource that underlies thousands of 
square miles. It is a stratigraphic trap within a fault-bounded basin, occupying a structural low and straddling 
the axis of the Fort Worth Basin. 

The average porosity in productive portions of the formation ranges from 3 to 6%, whereas porosity in 
nonproductive portions is as low as 1% (Johnston and others, 2004a). Slatt and others (2009) presented SEM 
photomicrographs of Barnett interparticle pores approximately 3 micrometers in diameter (Figure 19). As 
determined by mercury-porosimetry analysis (Figure 20), most pore throats have a radius of less than 0.005 
micrometer, about 50 times the radius of a methane molecule (Bowker, 2007b), and perhaps less than 0.0001 
micrometer (Jarvie and others, 2007). Much of the interparticle (matrix) porosity may have resulted from 
thermal decomposition of kerogen to petroleum. Jarvie and others (2007) calculated that the thermal decom-
position of organic matter in the shale (original TOC = 6.41%) in the dry-gas window (Ro = 1.4) creates 4.3% 
matrix porosity. Matrix porosity adjacent to major faults is partially occluded by calcite cement (Bowker, 
2007a).

Figure 19.  SEM view of pores and porosity pathways in the Barnett Shale. Modified 
from Slatt and others, 2009.
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Published values for average matrix permeability have variously been reported to be 0.02–0.10 millidar-
cies (Jarvie and others, 2004), less than 0.01 millidarcies (Montgomery and others, 2005), 0.0005–0.00007 
millidarcies (Ketter and others, 2008), or in the range of microdarcies to nanodarcies (Johnston, 2004a; 
Bowker, 2007b). Geographical variation in the formation’s permeability is complex and depends on the local 
interplay of fractures, faults, and stress (Kuuskraa and others, 1998).

Productive, organic-rich portions of the Barnett Shale average 25–43% water saturation (Lancaster and 
others, 1993; Hayden and Pursell, 2005; Bowker, 2007b). Water saturation increases greatly in parts of the for-
mation with less organic matter (more calcareous), suggesting that generation of hydrocarbons in the organic-
rich beds also resulted in a loss of water (drying of the reservoir; Montgomery and others, 2005). The water is 
bound to clay minerals and/or capillary-bound in micropores and natural fractures, but there is no free water 
(Johnston and others, 2004a; Bowker, 2007b). The rock is generally assumed to be slightly oil wet because of 
the high organic content and the unusually high percent of fracture-stimulation water recovered during well 
completions (60–70% in some areas of the Newark East field). 

In the dry-gas window, gas saturation equals 75% (Montgomery and others, 2005). Natural gas is stored 
within interstitial pores and microfractures and adsorbed onto solid organic matter and kerogen. Generation of 
hydrocarbons produced the microfractures in the shale as well as a slight overpressuring (about 0.52 psi/ft in 
the gas-saturated portion of the play; Bowker, 2007a); however, microfractures have subsequently been healed 
by residual oil and pyrobitumen. The volume of adsorbed gas may be as high as 40–60% (fully saturated; 
Jarvie and others, 2004; Montgomery and others, 2005) or as low as 20–25% (Lancaster and others, 1993; 
Kuuskraa and others, 1998; Hayden and Pursell, 2005), and adsorption sites must be filled or saturated before 
expulsion/production can proceed. At a subsurface pressure of 4,000 psi (typical initial pressure 3,000–4,000 
psi; Hayden and Pursell, 2005), an estimated 80% of the Barnett gas is free and stored in open pores, but that 
at a pressure below 1,000 psi, desorption of methane can play an important role in gas production (Lancaster 
and others, 1993). 

Figure 20.  Results of mercury-porosimetery analysis of the Barnett Shale. Eighty 
percent of the pore throats have a radius of less than 0.005 micrometer. Sample from 
8,094 ft in Enre Corporation (Chevron), Mildred Atlas #1, Johnson County. Modified 
from Bowker, 2007b.
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3.3.4 Generation of Hydrocarbons

Hydrocarbon gas in the Barnett Shale is approximately 90% methane and primarily thermogenic. Hill and 
others (2007b) modeled the processes of gas generation by laboratory simulation, reporting that gas volume 
was a function of organic richness (a threefold increase in original TOC may triple the gas yield), thermal 
maturity (gas yield may increase by a factor of 25 between Ro = 1.3 and 2.0), oil volume retained in the shale 
(oil cracking is the source of some gas), and formation thickness. Carbon dioxide accounts for less than 2% of 
the gas volume (perhaps related to cracking of labile oxygenated functional groups, such as decarboxylation of 
carboxylic groups). Nitrogen and hydrogen sulfide usually occur in trace amounts (Johnston, 2004a).

Gas may be generated in small amounts at the beginning of thermal degradation of the kerogen, Ro = 
0.5–0.6; however, mostly low-sulfur, low-gravity oil and some condensate are generated at Ro < 1.0 (Pollastro, 
2007). At Ro = 1.1, oil in the shale begins to crack to gas and condensate (Hill and others, 2007b). This level 
of maturity is lower than expected from theoretical calculation and may be due to an interaction of the oil with 
kerogen or clay minerals (acting as a catalyst) in the source rock. At Ro = 1.6, however, only a small volume 
of the oil has cracked (15%), suggesting that gas in the Barnett at Ro = 1.0–1.6 is predominantly produced by 
cracking of kerogen and bitumen. The gas, therefore, appears to be mostly cogenerated with oil (Hill and oth-
ers, 2007a). At Ro = 1.86 half of the oil has cracked, and at Ro = 2.2 nearly 90 percent of the oil has cracked. 

Jarvie and others (2007) calculated that a Barnett shale with original TOC = 6.41 wt % contains 2.32 wt 
% convertible carbon (convertible to hydrocarbon with increasing thermal maturity) and 4.09 wt % residual 
organic carbon (not reactive because of insufficient hydrogen). 

Rock-Eval analysis of an immature outcrop sample (TOC = 11.47% and Ro = 0.48) yields a value for 
S2 (hydrocarbon-generation potential) of 54.43 mg HC/g rock. Analysis of a mature Barnett sample (TOC = 
4.51% and Ro = 1.15) provides the following data (Hill and others, 2007b):  S1 (thermally extractable petro-
leum) 1.73 mg HC/g rock, S2 (petroleum generated by pyrolysis) 3.07 mg HC/g rock, and HI (hydrogen index, 
S2/TOC x 100) 68 mg HC/g TOC. The production index (S1/S1 + S2) equals 0.36, meaning that 36 percent 
of the potential hydrocarbons had already been generated. Rock-Eval analysis of a sample (TOC = 5.21%) 
subjected to progressive simulated maturation (Ro increasing from 0.62 to 1.30) provides the following data 
(Montgomery and others, 2005):  S2 1.36 mg HC/g rock, HI 41 mg HC/g TOC, and transformation ratio 93%. 

Calculated generated-gas potential (total gas yield) is 7.4 scfg/t of reservoir rock at Ro = 1.3 and 184 
scfg/t at Ro = 2.0 (Hill and others, 2007b). Expressed in a different manner, the total original generation 
potential for immature Barnett source rock is about 820 bcfg/sq mi, ignoring any migration (Jarvie and 
others, 2007). Estimates of average gas-in-place range from 25–42 bcfg/sq mi (Kuuskraa and others, 1998) 
to 100 bcfg/sq mi (Johnston, 2004a) to 142.5 bcfg/sq mi (Montgomery and others, 2005) to 204 bcfg/sq mi 
(Jarvie and others, 2007). The increase in GIP estimates over these ten years probably reflects improvements 
in analytic techniques and mass-balance calculations. The volume of adsorbed gas in place is 60–125 scfg/
ton rock at a reservoir pressure of 3,800 psi (Montgomery and others, 2005), which is released as the forma-
tion pressure is lowered and contributes to the long life of Barnett wells (Lancaster and others, 1993). The 
volume of free gas in place is around 105 scfg/t, and the total GIP (free plus adsorbed) varies from 170–350 
scfg/t (Johnston, 2004a; Hayden and Pursell, 2005; Montgomery and others, 2005; Arthur and others, 2008a). 
Reservoir modeling shows that, with a matrix porosity of 6% and pressure of 3,800 psi, gas-storage capacity 
can be 159 scfg/t or more (Jarvie and others, 2007). 

The low-porosity, low-permeability character of the source rock itself provides the seal. In addition, 
adsorbed petroleum is trapped in the shale by surface chemistry. However, Hill and others (2007b) calculated 
that 20% of the total gas yield (comparing immature and mature samples) was lost by migration to conven-
tional reservoirs in the basin or to fractures. Jarvie and others (2007) estimated 60% expulsion. Dissolution-
precipitation diagenesis of minerals in the shale may have decreased the porosity and permeability so that the 
source rock cannot retain as much gas at high temperatures (Hill and others 2007b). Geochemical analyses 
of biomarkers and light hydrocarbons confirm that large-scale migration has occurred episodically from the 
Barnett to conventional reservoirs in the Ellenburger and Viola (Ordovician) and Bend, Strawn, and Canyon 
(Pennsylvanian) (Montgomery and others, 2005; Hill and others, 2007a). 

3.3.5 Delineation of the Barnett Play

Historically, the vast majority of Barnett Shale production comes from the core area (sweet spot) in and 
around the Newark East field of Denton, Wise, and Tarrant Counties (refer back to Figures 2 and 3). Much of 
the initial development by Mitchell Energy Corporation (now part of Devon Energy) took place here. The core 
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area was most commonly drilled with vertical wells and treated with large hydraulic fractures ((Hayden and 
Pursell, 2005). In this area the Barnett is thickest (300–700 ft), deepest (7,000–8,000 ft), and exceptionally 
organic rich (original TOC = 5–12%). The Barnett here is most thermally mature (Ro > 1.1) which corresponds 
to the highest calculated gas-in-place volumes. Moreover, the Barnett is overlain and underlain by lithological 
barriers that facilitate large fracture treatments (see section 3.4.2). 

The play has expanded in all directions from the core area, but primarily to the south and west (Johnston, 
2004a; Powell, 2008). The rationale is that critical geological characteristics of the core area must parallel 
the regional northeast-southwest trends of depositional environment, basin structure, thermal maturity, and 
subcropping formations and—it is hoped—key geological characteristics may even extend updip (shelfward) 
to the west (Kuuskraa and others, 1998). Hayden and Pursell (2005) divided the non-core area into Tier 1 
counties (Johnson, Parker, and Hood) and Tier 2 (counties to the west and south) based on the present level 
of development and assessed risk. Tier 1 counties generally lack the underlying lithological barrier (Viola-
Simpson limestone), but this problem can be solved by horizontal drilling and smaller, multiple fracture 
treatments. Gas-in-place calculated for the core area and Tier 1 counties is 140–145 bcfg/mi2 (Hayden and 
Pursell, 2005). Tier 2 counties comprise the least developed area. This area may be within the oil window (Ro 
<1.0, Figure 16) where the only production would be uneconomic volumes of oil (Hayden and Pursell, 2005). 
In addition, the highest TOC values in the Fort Worth Basin follow the northeast-southwest axis of deposition 
(Figure 10) (Pollastro and others, 2003), meaning that counties to the west would be less organic rich. Some 
geologists arbitrarily choose the -5,250 ft structural-contour line of the Ellenburger Group (approximately 
equal to the base of the Barnett) as a western limit to the Barnett Shale play (Figure 2) (Kuuskraa and others, 
1998).

Kuuskraa and others (1998) provided an early quantitative assessment of the continuous Barnett gas play. 
They based their assessment on (1) geographical extent of untested areas within the play (minimum, interme-
diate, and maximum areas akin to core and Tiers 1 and 2), (2) well spacing (320 acres per well), (3) success 
ratio in and around core area (86%), (4) liquids/gas ratio (in order to include volumes of natural gas liquids), 
(5) recovery percent (7–20%), and (6) reservoir drainage area (10–30 acres per well). Values for porosity, 
permeability, water saturation, and the efficiency of well treatments are indirectly included in these six input 
parameters, but consideration of future improvement in technology and development practices is excluded 
from their assessment. Using these input data, Kuuskraa and others (1998) calculated the mean, technically 
recoverable gas resources to be 10.0 tcfg.

Pollastro and others (2003) first assessed the continuous Barnett play in terms of the USGS Total 
Petroleum System concept. Their assessment included (1) areal extent and thickness of the source rock, (2) 
organic richness (TOC), kerogen type (II) and maturity (measured by Ro and Rock-Eval analysis), and (3) 
reservoir character, seal rock, and traps. They too identified three assessment units. The Barnett Shale in the 
Newark East sweet spot (Greater Newark East Fractured Siliceous Shale Gas Assessment Unit) is siliceous, 
thick, slightly overpressured, within the gas-generation window, and enclosed below and above by imperme-
able formations. They reported a mean Estimated Ultimate Recovery (EUR) in this assessment unit of 1.25 
bcfg per well, and recompletion of a well after about five years of production commonly adds 0.75 bcfg to its 
EUR (Pollastro and others, 2003). An outlying area of Barnett Shale (Ellenburger Subcrop Fractured Barnett 
Shale Gas Assessment Unit) lies within the gas-generation window, but the underlying lithological barrier is 
absent and the overlying barrier may be absent. The area of least potential (North Basin and Arch Fractured 
Shale Gas and Oil Assessment Unit) is that where the formation produces both oil and gas, and the overlying 
and underlying lithological barriers may be absent. 

Pollastro (2007) updated the USGS assessment of the Barnett Shale play (two gas assessment units only, 
excluding the oil unit), using the Total Petroleum System concept. Input variables include: number of cells 
(40-acre locations) that have been tested, number of cells that were successful, historical EUR of wells, total 
acreage of assessment unit based on geological uncertainty, the estimated drainage area, percent of area that is 
untested, percent of area that is untested that has potential to add to reserves, estimated future success rate, and 
EUR for untested area. Exploration and production histories were available for about 1,700 vertical wells that 
produced gas, and EUR values were available for 177 wells with multiple completions in the Greater Newark 
East Fracture-Barrier Continuous Barnett Shale Gas Assessment Unit (1,800 sq miles). Geological uncertainty 
and the uncertainty distribution for input variables are minimal for this assessment unit. Exploration and pro-
duction histories were also established for just 134 vertical wells that produce gas and EUR values for 78 wells 
in the Extended Continuous Barnett Shale Gas Assessment Unit (7,000 sq miles). Geological uncertainty, 
therefore, is greater for this second assessment area (fewer wells drilled and shorter histories). Pollastro (2007) 
estimated a total volume of 14.6 ± 1.3 tcfg of undiscovered, technically recoverable gas in the Greater Newark 
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East Fracture-Barrier Continuous Barnett Shale Gas Assessment Unit and 11.6 ± 3.5 tcfg in the Extended 
Continuous Barnett Shale Gas Assessment Unit. In addition, the Barnett Shale has 3–4 tcfg of proved reserves 
and an estimated 1.0 billion barrels of natural gas liquids. Pollasto’s (2007) estimates, however, are based on 
well histories dating from 1981–2003 and do not include recent data from horizontal drilling. 

The two gas assessment units together (Figure 21) are bound and defined by geological features, namely 
• the Ouachita Thrust front, 

• the basement fault along the southern margin of the Muenster Arch, 

• the line of thermal maturity Ro = 1.1, and

• the 100-ft isopach line of the Barnett Shale.
The Extended Continuous Barnett Shale Gas Assessment Unit is interpreted to contain the larger area of 

continuous-type gas accumulation in the Barnett, and the Greater Newark East Fracture-Barrier Continuous 
Barnett Shale Gas Assessment Unit is the area with highest potential given current technology (Montgomery 
and others, 2005). These assessment units are also bound and defined by geological features:

• the western limit of the Viola-Simpson Formations which serve as a competent lower-fracture barrier, 
and 

• the southern limit of the Marble Falls Formation which serves as a competent upper-fracture barrier.

Figure 21.  Extent of the Barnett-Paleozoic total petroleum system and boundaries of 
the Greater Newark East Fracture-Barrier Continuous Shale Gas Assessment Unit and 
Extended Continuous Barnett Shale Gas Assessment Unit. Modified from Pollastro, 
2007.
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4.0 MARCELLUS SHALE, APPALACHIAN BASIN

4.1 Location

The Middle Devonian Marcellus Shale extends for almost 600 miles through the central Appalachian 
Basin (Figure 22). It is present in Ontario, New York, Pennsylvania, Ohio, West Virginia, Maryland, and 
Virginia, an areal extent of some 75,000 sq mi. Although the shale has traditionally been regarded as the 
source rock for conventional Upper Devonian and Lower Mississippian reservoirs, it also has a history of gas 
production dating to 1821. However, the recent revival in Marcellus exploration began in 2004–2005 when 
Range Resources-Appalachia introduced two key drilling and treatment technologies that had previously 
been developed for the Barnett play of Texas: horizontal wells and slickwater fracturing. The initial reports 
announced a spectacular success in Pennsylvania, kicking off a new shale-gas play (Durham, 2008).

The Marcellus crops out on the eastern (Virginia to Pennsylvania) and northern (New York) margins of 
the basin where it has been studied in both proximal and distal geological areas. Approximate boundaries of 
the play include the Allegheny Structural Front to the east, the Adirondack Uplift to the northeast, and the 
Waverly or Cincinnati Arch to the west. The core area—where the formation exceeds 50 ft thick and is gener-
ally thought to have the best potential—includes Pennsylvania, West Virginia, and New York, an incredible 
50,000 sq mi (Wrightstone, 2008; Engelder and Lash, 2008). Hence exploration, leasing, permit applications, 
drilling, and formation evaluation are concentrated in these three states (Figure 22) (Wrightstone, 2008; Sumi, 
2008).

The core area comprises the Marcellus Shale Assessment Unit of the Devonian Shale-Middle and Upper 
Paleozoic Total Petroleum System of the U.S. Geological Survey (Milici and Swezey, 2006). The Assessment 
Unit may be divided into seven plays:  Pittsburgh Basin, Eastern Rome Trough, New River, Portage 
Escarpment, Penn-York Plateau, Western Susquehanna, and Catskill.

4.2 Geological Setting

4.2.1 Appalachian Basin

The Appalachian Basin is an asymmetrical foreland basin (Figure 23). It formed over a period of approxi-
mately 200 million years and through three separate orogenies. The Middle-Late Ordovician Taconic Orogeny 
resulted from collision of the Laurentian or Laurussian plate (containing modern-day North America) and an 
oceanic island-arc system. The Middle Devonian to Lower Mississippian Acadian Orogeny was produced 
by the collision of Laurentia and a minor continental plate (Avalonia, Baltica, or Armorica). Finally the 
Pennsylvanian-Permian Allegheny Orogeny came about by the convergence of Laurentia and Gondwana and 
assembly of the supercontinent Pangaea. 

Crustal thickening due to thrust faulting of the Acadian Orogeny created an elevated highland in the east, 
the principle source area for Devonian-Mississippian siliciclastic rocks of the Appalachian Basin (Figure 24). 
The leading continental margin of Laurentia flexed downward beneath the tectonic load, and eventually up 
to 7,000 ft and perhaps as much as 12,000 ft of mostly deltaic sedimentary rocks accumulated as the Acadian 
clastic wedge (Piotrowski and Harper, 1979; Milici and Swezey, 2006). Paleogeographic reconstruction shows 
that the basin was covered by an epeiric seaway that stretched from New York to Georgia, wide to the north 
but narrowing southward (Figure 24). Within this seaway accumulated several black shales, including the 
Geneseo, Middlesex, Rhinestreet, Huron, and Sunbury. The Marcellus is generally considered to be the old-
est and deepest (although the black Needmore Shale locally underlies the Marcellus). Following deposition 
and burial, the Marcellus was subjected to extensive tectonic deformation during the succeeding Allegheny 
Orogeny.

Today the basin trends northeast-southwest. The structural axis (at -6,000 ft below sea level) lies slightly 
basinward of the Allegheny Structural Front, running through east-central West Virginia, south-central to 
northeastern Pennsylvania, and into southeastern New York (Figure 25) (Milici, 1996). The structural front 
marks the boundary between the Valley and Ridge Province with intensely deformed sedimentary rocks and 
the Allegheny Plateau Province with relatively undeformed rocks. Acadian thrust sheets may have been locally 
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Figure 22.  Top: recent drilling activity in the Marcellus Shale; modified from Wrightstone, 2008. Bottom left: Estimated gas in place 
(MMcfg/sq mi); modified from Marcellus Shale in New York, 2009. Bottom right:  Marcellus Shale drilling activity in Pennsylvania as of 
October 2010, clearly showing the southwestern and north-central play areas. Map from Pennsylvania DEP.
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Figure 23.  West-east structural cross section of Devonian section showing the 
asymmetrical shape of the Appalachian basin. Modified from Wrightstone, 2008.

Figure 24.  Paleogeography of eastern U.S. during Middle 
Devonian time. Modified from Geology.com, 2008.
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Figure 25.  Top: structure map on top of Onondaga Limestone (base of 
Marcellus Shale); modified from Wickstrom and Carter, 2008. Bottom: drilling 
depth to top of Onondaga Limestone (base of Marcellus); modified from 
Wrightstone, 2008.
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obstructed by Precambrian rocks of the Adirondack Uplift in New York. Across the basin is the Cincinnati 
Arch in Ohio, a crustal arch or peripheral bulge that developed on the foreland in response to tectonic and 
sedimentary loading at the plate margin (Figure 24) (Shumaker, 1996). Devonian strata dip eastward from the 
Cincinnati Arch at an average rate of 55 ft/mi so that the Marcellus now occurs at a subsurface depth of nearly 
10,000 ft in central Pennsylvania. 

4.2.2 Stratigraphy

The Marcellus Shale and the overlying Mahantango Formation constitute the Hamilton Group (Figures 
26 and 27), belonging to the Eifelian and Givetian Stages of the Middle Devonian (Repetski and others, 
2005). The Marcellus is a splintery, soft to moderately soft, gray to brownish black to black, carbonaceous, 
highly radioactive shale with beds of limestone and carbonate concretions (Figure 28). Pyrite is abundant, 
especially near the base, and fossils occur within the limestones. The formation thickness exceeds 660 ft in 
northeastern Pennsylvania (Figures 29 and 30), thinning dramatically in the west and southwest to 200 ft in 
central Pennsylvania, 140 ft in northern West Virginia, and eventually pinching out in eastern Ohio (Zielinski 
and McIver, 1982; Wrightstone, 2008; Boyce, 2009). Geographical limits of the Marcellus Shale seem to be 
erosional in all directions. The total thickness of radioactive black shale in the Hamilton Group, as determined 
by gamma-ray logs, parallels the thickness trend of the Marcellus, and this value is often mistakenly reported 
as that of the Marcellus itself (Figure 31) (Piotrowski and Harper, 1979; Roen, 1984; de Witt and others, 1993; 
Milici and Swezey, 2006; Geology.com, 2008). 

Figure 26.  Stratigraphic cross sections illustrating relationships between Middle 
and Upper Devonian formations of central Appalachian basin. Top west-east; bottom 
north-south; modified from Wikipedia, Marcellus Formation, 2010.
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In outcrops of western New York and the subsurface, the Marcellus is divided into three formal members. 
The Union Springs, the lower member, is thinly bedded, organic-rich, pyritiferous, blackish gray to black shale 
with lime-mudstone concretions. Interbeds of siltstone occur at its base. An isopach map shows that it reaches 
60 ft (and possibly 150 ft) in northeastern Pennsylvania, pinches out to the west, but reappears in Ohio where 
it is less than 20 ft (Figure 32) (Zielinski and McIver, 1982; Lash, 2008; Wrightstone, 2008). The middle 
member, the Cherry Valley, is a skeletal limestone. In West Virginia the middle member is called the Purcell 
Limestone, a fine-grained limestone or an interbedding of limestone and calcitic shale (Dennison and Hasson, 
1976). Barite nodules may be present. The Purcell varies in thickness from 50 to 100 ft, but disappears 
westward across the state. Most geologists consider the Cherry Valley and Purcell to be the same unit with 
different names; however, some geologists map the limestones in the subsurface as different units (Figure 33) 
(Barrett, no date). The upper member of the Marcellus, the Oatka Creek, comprises two units: a basal black 
shale resembling the Union Springs (and distinguishable on gamma-ray logs) and an upper unit of gray shale 
(Figure 34). An isopach map of the Oatka Creek shows that it reaches 270 ft (and possibly 570 ft) in eastern 
Pennsylvania and 120 ft in Ohio, but thins to 30 ft in central New York (Figure 32) (Zielinski and McIver, 
1982; Lash, 2008; Wrightstone, 2008). This area of thinning is the same as where the Union Springs Member 
locally pinches out, suggesting the continued presence of a paleotopographic high (possible peripheral bulge) 
trending northeast-southwest in New York and Pennsylvania. In eastern New York and Pennsylvania, the 
Marcellus has been divided into a profusion of members (Nyahay and others, 2007; Ver Straeten, 2007). These 
members reflect a complex interbedding of organic-rich shale, gray or silty or calcareous shale, sandstone, 
and limestone. They include, among other members, Cardiff shale, Pecksport shale, Solsville sandstone, 
Bridgewater shale, Berne shale, Stony Hollow shale and limestone, and Bakovan black shale (Figure 34).

Immediately below the Marcellus lies a collection of formations of the Lower Devonian Onesquethaw 
Stage: Onondaga Limestone, Huntersville Chert, and Needmore Shale (Figure 35) (Dennison, 1961). The 
Onondaga is a cherty, argillaceous, calcarenitic limestone or an interbedding of medium-grained argillaceous 

Figure 27.  Multi-state correlation chart of Devonian strata in eastern U.S. The Middle-Upper Devonian 
Taghanic unconformity has removed much of the rock record in Ohio and adjoining states. Modified from 
Wickstrom and Carter, 2008.
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Figure 28.  (Left) basal contact at 7,499.4 feet 
of calcareous black shale with the underlying 
limestone and gray calcareous shale of the 
Onondaga Limestone; (right) black, sooty, organic-
rich Marcellus Shale; (bottom) close-up of organic-
rich shale, MERC-1, Monongalia County, West 
Virginia.
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Figure 29.  Isopach map of Marcellus Shale (above) and Hamilton Group, 
that is, Marcellus plus Mahantango (below). Modified from Wrightstone, 
2008.
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Figure 30.  Isopach maps of Marcellus Shale (upper left), Mahantango Formation (upper right), and Tully 
Limestone (bottom) in West Virginia and southwestern Pennsylvania. Modified from Boyce, 2009 (scales in feet).



46  A Comparative Study of the Mississippian Barnett Shale, Fort Worth Basin, and Devonian Marcellus Shale, Appalachian Basin

Figure 31.  Top: organic-rich shale of upper and lower members of the Marcellus 
Shale identified by high values on the gamma-ray log; modified from Gottschling, 
2007. Bottom: net feet of organic-rich shale in the Marcellus Shale of Pennsylvania; 
modified from Pennsylvania Department of Conservation and Natural Resources, no 
date.
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Figure 32.  Isopach maps of Union Springs Member and Oatka Creek Member with well logs. 
Hotter colors represent higher values. Modified from Wrightstone, 2008.
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Figure 33.  The distinct and different Purcell Limestone Member and Cherry Valley 
Limestone Member. Modified from Barrett, no date.

Figure 34.  Top: members of the Marcellus Formation as recognized in the western 
subsurface with representative well log; modified from Wrightstone, 2008. Bottom: 
member nomenclature from west to east in New York; modified from Nyahay and 
others, 2007.
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limestone and dark gray shale (Engelder, 2008a; Boyce, 2009). It generally occurs in the western and north-
ern portions of the basin—Kentucky, Ohio, western West Virginia, western Pennsylvania, and southern New 
York (Milici and Swezey, 2006). The Huntersville Chert ranges from nearly pure chert to slightly calcitic or 
dolomitic chert to an intertonguing of chert and shale. It is present in the basin center of Pennsylvania and 
West Virginia. The Needmore Shale contains three members: the lower Beaver Dam of dark gray to gray-black 
fissile shale with chert nodules, a middle gray calcitic shale with limestone interbeds, and an upper calcareous 
shale and limestone (Dennison, 1961). It occurs in the eastern portion of the basin from Pennsylvania to 
Virginia, and correlates with the Esopus and Schoharie Formations of eastern New York (black shale, mud-
stone, silty and calcitic shale; Ver Straeten, 2007). The Needmore and Huntersville formations interfinger 
laterally in an east-west direction in Maryland and West Virginia (Dennison and Hasson, 1976), and the 
Huntersville and Onondaga formations also interfinger farther to the west-northwest. In the south-central 
Pennsylvania, a tongue of Onondaga Limestone extends eastward above the Needmore Shale and may be 
called the Selinsgrove Limestone (Engelder, 2008a). The upper contact of these formations with the Marcellus 
is usually sharp. Below the Onondaga/Huntersville/Needmore is the Oriskany Sandstone (Figure 36).

The Tioga ash fall, an interbedding of at least 8 tuffs and tuffaceous shales, occurs in the very uppermost 
Onondaga Limestone or Needmore Shale and the lowest Marcellus Shale, spanning a vertical interval of 2–8 
ft at the stratigraphic contact. The ash fall cuts across the contact between uppermost Onesquethaw rocks 
and lowermost Marcellus, indicating a time equivalency between these strata. The rock consists of coarse 
angular quartz, sand-sized biotite flakes, and feldspar. These beds can be traced from Virginia to New York and 
westward into the Michigan and Illinois Basins, and they constitute a marker bed in subsurface correlations 
(Dennison and Hasson, 1976; Milici and Swezey, 2006; Engelder, 2008a). Dennison (1961) located the source 
volcano near Lexington, Virginia.

Above the Marcellus is the Mahantango Formation, the upper unit of the Hamilton Group. The 
Mahantango contains a variable mix of mudstone, limestone, sandstone, and conglomerate. In the eastern 
portion of the basin, shale and siltstone dominate the section, and a number of members have been designated 
(Gandes Run Shale, Chaneysville Siltstone, Frame Shale, Clearville Siltstone, and Pokejoy Limestone, from 
bottom to top; Dennison and Hasson, 1976). All of these members coarsen to the east, some even becoming 
sandstone with local quartz-pebble conglomerate. In eastern Pennsylvania, sandstone, siltstone, and claystone 
beds of the Mahantango are arranged into four members (Turkey Ridge Sandstone, Dalmatia, Montebello 
Sandstone, and Sherman Ridge from bottom to top; Harper, 1999). In the western part of the basin, shale 
and limestone dominate. Many members have been named (Stafford Limestone, Skaneateles Shale, Levanna 
Shale, Centerfield Limestone, Ledyard Shale, Ludlowville Shale, Tichenor Limestone, and Moscow Shale, 
from bottom to top), but the stratigraphic nomenclature has not been standardized (Hill and others, 2004; Lash, 
2007; Wrightstone, 2008). The Skaneateles Member is shale that is locally black in western Pennsylvania 
and central New York (Roen, 1984). The thickness of the Mahantango Formation (upper Hamilton Group) 
reaches 1700 ft in northeastern Pennsylvania and adjacent New York, thinning to the west and southwest and 
pinching out near the Pennsylvania/Ohio border and in central West Virginia (clastic wedge shown in Figures 
29 and 30) (Zielinski and McIver, 1982; Wrightstone, 2008; Boyce, 2009). Where the Mahantango is absent in 
the south and extreme west, the entire Hamilton Group is represented by black shale of the Marcellus (or the 
Millboro Shale of Dennison and Hasson, 1976, which also includes the overlying Harrell Shale).

The Tully Limestone, well bedded, fossiliferous, argillaceous, and pyritiferous micritic limestone and 
limey shale, lies above the Mahantango. It is more shaly below and a purer limestone above. Minor unconfor-
mities are recognized at the base and within the Tully (Milici and Swezey, 2006; Lash, 2008). Some workers 
classify the Tully as a formation, whereas others include it as the uppermost member of the Mahantango 
Formation. The Tully ranges in thickness from 0–200 ft and is distributed from central New York, to west-cen-
tral Pennsylvania, and through central West Virginia (Figures 30 and 35) (Dennison and Hasson, 1976; Milici 
and Swezey, 2006; Wrightstone, 2008; Boyce, 2009).

Conformably above the Tully may be any of several Upper Devonian formations (Figures 26 and 27). 
To the far east is the Brallier Formation, dark gray, thickly laminated shale with thin interbeds of siltstone 
(Dennison and Hasson, 1976). The Harrell Shale of outcrops in Pennsylvania, Maryland, and West Virginia is 
medium- to dark-gray, generally organic-rich, fissile shale, and in particular the Burkett Member at the base 
of the Harrell is gray-black to black, carbonaceous, fissile clay shale containing abundant pyrite (Engelder, 
2008a). In western outcrops of Pennsylvania, black fissile shale immediately below the Tully and above the 
Manhantango may also be called Burkett or Harrell (Dennison and Hasson, 1976). To the northwest in New 
York is the Geneseo Shale of the Genesee Group, another black, petroliferous shale; the Geneseo is apparently 
continuous with the Burkett through the subsurface of Pennsylvania (Hill and others, 2004; Lash, 2007).
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Figure 35.  Top: isopach map of overlying Tully Limestone. Bottom: 
dominant rock type of underlying Onesquethaw units in West Virginia—
Onondaga Limestone to the west, Huntersville Chert in the central region, 
and Needmore Shale to the east. Modified from Wrightstone, 2008.
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4.2.3 Tectonics and Structure

In the eastern thrust belt and the eastern section of the Allegheny Plateau Province, most major geologic 
structures are detached. These structures become less complex away from the orogen: deformed thrust blocks 
in a narrow duplex structure along the Allegheny Front, a zone of high-amplitude plateau folds, a zone of 
low-amplitude plateau folds, and finally undeformed strata in the far west (Shumaker, 1996). In the northern 
portion of the basin, the Marcellus is underlain by a regional decollement in salt beds of the Silurian Salina 
Group, whereas in the southern portion of the basin the thick package of Middle-Upper Devonian shales con-
tains the major decollement fault (Shumaker, 1996; Milici and Swezey, 2006). 

In addition, a number of large structural elements are basement-related (Shumaker, 1996), including the 
Cincinnati and Waverly Arches (peripheral bulges), the Cambridge Arch and the mid-foreland hinge (draping 
faults along the margin of basement blocks), and the eastern Pennsylvania depocenter (a rift graben). Other 
structures, too, may be basement-related: subsidence of small, semi-independent crustal blocks; drape folds 
above horst blocks; inversion anticlines above basement depressions (e.g. Warfield Anticline); and weak zones 
of the basement which localized the position of a forebulge (e.g.Clarendon-Linden fault system of New York; 
Lash, 2008). Much of the Marcellus play in Pennsylvania, New York, and West Virginia is in the Plateau area 
of low-amplitude folds (amplitude less than 700 ft, maximum dip of 2–3°) and associated fracturing. In eastern 
outcrops of West Virginia, a decollement usually develops at the base of the Marcellus, and the formation is 
nearly always drag-folded (Dennison, 1961).

The Rome Trough is a complex series of grabens which developed in association with Late Precambrian-
Early Cambrian rifting of the passive continental margin and formation of the Iapetus Ocean (Figure 37) 
(Shumaker, 1996; Curtis, 2002). Offset of the Precambrian (Grenville) basement surface by Rome faulting can 
be traced from southern and eastern Kentucky, through western West Virginia, and into southern and central 
Pennsylvania (Shumaker, 1996). These basement faults demonstrate a complex history of slip direction and 
recurrent movement. Although almost all of their structural relief is due to Early-Middle Cambrian extension, 
reactivation of these faults occurred repeatedly through at least Middle Devonian time (demonstrated by 
detailed, regional lithofacies and isopach maps; Shumaker, 1996). Reactivation primarily took place in 
response to compressional stress of orogeny at the plate margin, forming depocenters within the epeiric sea-
way of the Appalachian Basin (Curtis, 2002). Topographic relief produced by reactivation affected the nature, 
distribution, and thickness of the sedimentary basin-fill (Donaldson and Shumaker, 1981).

Figure 36.  Generalized stratigraphy of Oriskany Sandstone (water bearing), 
Onondaga Limestone (fracture barrier), Needmore Shale and Huntersville Chert (not 
fracture barriers), and Marcellus Shale in Pennsylvania and Ohio. Modified from 
Milici and Swezey, 2006.
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In the central Appalachian Basin, the Devonian-Mississippian Acadian Orogeny is reflected by changes 
in subsidence rate, a large influx of siliciclastic sediment from the thrust-and-fold belt, and the assimilation 
of Cambrian grabens into a developing and deepening foreland basin (Shumaker, 1996). Ettensohn (1994) 
divided the Acadian Orogeny into four tectophases as interpreted from the stratigraphic record, marked by 
the Needmore, Marcellus, Geneseo-Burkett, and Sunbury black shales (Figures 38 and 39) (Lash, 2008). 
Each tectophase began with the emplacement of a new thrust load and consequent deepening of the foreland 
basin (Quinlan and Beaumont, 1984). The basin was initially starved of terrigenous sediment because insuf-
ficient time had elapsed for an efficient fluvial system to develop in the thrusted highland. Instead, deposition 
of autochthonous sediment—black shale—occurred (Curtis, 2002; Engelder, 2008a). As the basin subsided, 
a peripheral bulge rose (perhaps with erosion or nondeposition along the crest) and migrated away from the 
thrust load. Lash (2008) interpreted the several minor unconformities in New York (Marcellus through Tully 
Formations) to have resulted from intermittent uplift of the peripheral bulge. Eventually, sediment eroded 
from the eastern highland prograded across the basin as a thick clastic wedge, occasionally filling or overtop-
ping the basin. At this point, weight of the static tectonic load caused the basin to deepen and narrow and the 
bulge to subside and migrate toward the orogen. With tectonic quiescence and erosional unloading, carbonate 
sediments accumulated and the tectophase was complete. The black-shale depocenters migrated westward 
throughout the Acadian Orogeny, reflecting the continual cratonward movement of the zone of deformation 
(Figure 26).

Several sets of planar systematic joints in the Marcellus were identified by Lash (2008), Engelder 
(2008a), Engelder and Lash (2008), and Engelder and others (2009) , chiefly in outcrops of New York and 
Pennsylvania but also in subsurface cores (Figure 40). Two joint sets (labeled J1 and J2) are pervasive through-
out the basin and considered important to natural gas production, whereas two other sets (J0 the earliest formed 
and J3 attributed to glacial rebound) are of only minor or local distribution. J1 joints exhibit a consistent strike 
of 60–75°, and J2, a strike of 315–345°. J1 joints are more closely spaced and are crosscut by J2 joints. J1 joints, 
which can be traced from Virginia to New York, predate Allegheny folding, whereas J2 joints were synchro-
nous with that folding (oriented perpendicular to fold axes). Both sets are thought to have been produced by 
natural hydraulic fracturing, having formed when increased fluid pressure in the shale near maximum burial 
depth (approximately 4 km) exceeded the compressive strength of the rock (Lash, 2008; Engelder and others, 
2009). The buildup of fluid pressure is attributed to disequilibrium compaction because of the rock’s low per-
meability and to volume changes in the shale as organic matter was converted to hydrocarbons  

Figure 37.  Trend of Rome Trough from Kentucky through Pennsylvania as indicated 
by basement faults (shown in red). Modified from Shumaker and Wilson, 1996.



4.0 MARCELLUS SHALE, APPALACHIAN BASIN  53

(Lash, 2008). However, Arthur and others (2008a) thought that the joints formed when rock pressure dropped 
due to overburden erosion and/or tectonic uplift. The fractures grew first as microfractures which then contin-
ued to open to full-scale joints (Engelder and Lash, 2008). J0 joints (strike 352–007°) are only common locally. 
J3 joints are vertical and oriented ENE; these are neotectonic in origin, probably related to glacial rebound 
since the Pleistocene. In eastern outcrops of Pennsylvania, Engelder (2008a) also noted the presence of pencil 
cleavage in the Marcellus (layer-parallel shortening from pressure solution), small-scale faulting (cleavage 
duplex), and complex folding. 

Figure 38.  Sedimentary-structural model for black shales of the 
Appalachian basin. Modified from Barrett, no date.

Figure 39.  Sedimentary-structural model for black shales of the Appalachian basin. 
Modified from Engelder and Lash, 2008.



54  A Comparative Study of the Mississippian Barnett Shale, Fort Worth Basin, and Devonian Marcellus Shale, Appalachian Basin

Figure 40.  Outcrop photographs of J1 joints (top), J2 joints (middle), 
and gas-migration pathway from matrix to fracture (bottom). 
Modified from Engelder and Lash, 2008.
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4.2.4 Lithology and Lithofacies

Little information about Marcellus lithofacies is published. Available lithological data are usually inte-
grated with those of other black shales of the Middle and Upper Devonian.

Harper (1999) and Milici and Swezey (2006) described the well accepted, regional facies model for the 
Acadian clastic wedge (Figures 26 and 38). Five separate lithofacies are recognized, arranged into at least 
seven basinwide, coarsening-upward sequences that span Middle Devonian through Early Mississippian time 
(Filer, 1994; Engelder and Lash, 2008). These are: 

1. Dark-gray to black (also brownish black and olive black), calcitic, pyritiferous, sparsely fossiliferous 
shale. Black-shale facies are present in the Needmore, Esopus, Marcellus, Geneseo, Burkett, Penn Yan, 
Renwick, Middlesex, Sonyea, Rhinestreet, Pipe Creek, Java, Huron, Dunkirk, Cleveland, and Sunbury 
stratigraphic units. Black shales mark the base of the vertically stacked sequences. They generally 
occur in the western part of the basin with numerous tongues extending eastward to varying distances 
(Hill and others, 2004; Ettensohn and others, 1988). 

2. Sparsely fossiliferous, interbedded dark gray shale and light to medium-gray siltstone. 

3. Light to dark green, brown, purple, and red, highly fossiliferous shale, siltstone, and fine-grained sand-
stone. 

4. Silty, micaceous mudrock; fine- to coarse grained, fossiliferous siltstone, sandstone, and conglomerate; 
and interspersed limestone. 

5. Gray and red beds of mudstone, siltstone, sandstone, and conglomerate.
Petrographic studies of the Middle-Upper Devonian shales usually rely on a combination of methods—

light microscopy, SEM microscopy, X-radiography, and X-ray diffraction. Larese and Heald (1977) identified 
six lithofacies based on grain size and mineral composition: shale, silty shale, shaly siltstone, dolomitic shale, 
dolostone, and very fine-grained argillaceous sandstone. Nuhfer and others (1979) identified six lithofacies 
based on rock fabric:  thinly laminated shale, lenticular laminated shale, sharply banded shale, nonbanded 
shale, siltstone, and concretions. Potter and others (1980) identified six major lithofacies based on the per-
cent of clay: claystone, clayshale, mudshale, bituminous shale, siltstone, and siltshale. Minor facies include 
marlstone, sandstone, carbonate rock, and pyritic shale. And three types of lamination occur in these rocks: 
clay laminae (> 95% clay minerals oriented parallel to lamination), organic laminae (quartz + clay minerals + 
abundant organic matter, generally with sharp contacts), and quartz laminae (both ungraded and graded). 

The black bituminous shale is laminated (fissile) and lacks bioturbation (Figure 28). The chief minerals 
are illite, chlorite, kaolinite, and mixed-layer clays (35%), fine angular quartz (10–25%), feldspar (< 10%), 
muscovite and chlorite (5–30%), calcite (25%), plus pyrite and organic matter (Roen, 1984). Wrightstone 
(2008) reported a much higher silica content (40–60%), and the quartz content is probably higher on the 
eastern side of the basin (Lyle, 2009). Zielinski and McIver (1982) presented additional mineral data: quartz 
27–31%, sodium feldspar 0–4%, potassium feldspar 0%, calcite 3–48% and dolomite 0–10% (carbonate 
minerals much more abundant in the lower Marcellus member), siderite 0%, pyrite 5–13%, illite 9–34% (more 
abundant in upper member), mixed-layer clays 1–7%, chlorite 0–4%, montmorillonite 0%, kaolinite 0%, and 
gypsum 0–6%. Pyrite (which is more common toward the base of the formation; Engelder, 2008a) takes the 
form of framboids, microcrystals, and euhedral crystals. Calcitic zones occur higher in the formation. Siderite 
concretions also occur in the shales. Articulate and inarticulate brachiopods, ostracodes, cephalopods (goni-
atites), tentaculitids, conodonts, radiolaria, and crinoids have been reported in the black shale (Dennison, 
1961; Schweitering, 1981; Avary and Lewis, 2008). 

Zielinski and Nance (1979) related the bulk-density log to rock type in the shale. A density reading of 
2.65–2.73 g/cm3 units indicates calcitic shale, 2.50–2.65 g/cm3 siliceous shale, and less than 2.4 g/cm3 organic-
rich shale.

4.2.5 Depositional Environment

The generalized sedimentary model for rocks of the Acadian clastic wedge entails a gently inclined ramp 
sloping from eastern highlands to western basin center (Harper; 1999; Castle, 2000; Milici and Swezey, 2006). 
The linear, mostly muddy shoreline extended from New York to Virginia but was interrupted by a number of 
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small, sandy, fluvial- and wave-dominated deltas. Time-transgressive lithofacies include (1) dark-gray to black 
shale of the deep basin center; (2) interbedded dark gray shale and siltstone produced by turbidity currents on 
the lower ramp; (3) green to brown shale, siltstone, and fine sandstone of a shallow, offshore-marine setting; 
(4) fossiliferous, fine- to coarse-grained sandstone, conglomerate, siltstone, mudstone, and occasional lime-
stone deposited in nearshore, inshore, and paralic environments; and (5) red, nonmarine and marginal-marine 
mudstone, siltstone, sandstone, and conglomerate of meandering and braided streams. Dennison (1961), Van 
Tyne (1996), and Milici and Swezey (2006) envisioned a carbonate platform (Delaware, Dundee, and Seneca 
Limestones) bordering the Marcellus basin on its western side in central Ohio, western New York and adjacent 
Pennsylvania before being inundated by black shale; however, the major Middle-Upper Devonian Taghanic 
unconformity removed much of the stratigraphic section on the flank of the Cincinnati Arch (Figure 27) 
(Schweitering, 1981; Milici and Swezey, 2006). 

Most geologists accept an anoxic, deep-water origin for the Marcellus Shale and other black shales of 
the Devonian-Mississippian (Boswell, 1996; Curtis, 2002; Ettensohn, 2008; Boyce, 2009). The beginning 
of the second Acadian tectophase was marked by increased tectonic loading in the eastern thrust belt and a 
rapid deepening of the epeiric sea. The newly raised Acadian mountains blocked the subtropical trade wind 
and created a rain shadow on the foreland side, which in turn led to reduced wave and current activity in the 
epeiric sea and to a greatly reduced influx of water-borne siliciclastic sediment (Ettensohn, 1985). Indeed, 
petrographic observations of quartz silt in the Marcellus show surface features indicative of an aeolian origin 
(Werne and others, 2002). Perhaps the basin was divided into fault-bound subbasins which further reduced 
circulation (Curtis, 2002; Harper, 2008). Marine circulation was poor, the water column stratified, the sea floor 
below the pycnocline, and the bottom water oxygen-poor, all favoring the preservation of organic matter. 

The evolution of large vascular plants on land may have enhanced chemical weathering in the adjacent 
source area, thereby increasing riverine nutrient fluxes and promoting development of eutrophic conditions 
in the epeiric sea (Algeo and Scheckler, 1998; Rimmer and others, 2003). High biological productivity of 
organic carbon in the surface water because of periodic algal blooms—principally Tasmanites green algae—
ultimately led to a high biological oxygen demand and anoxia in the bottom water. However, Zielinski and 
McIver (1982), in explaining the negative relationship between marine Tasmanites and river-borne woody 
material, speculated that these algae were adversely affected by large inputs of toxic mineral matter from 
terrestrial sources. Alternatively, a large input of fresh water from occasional floods on the eastern landmass 
may have proved detrimental to these marine algae, or more simply, a deluge of river-borne woody matter may 
have intermittently diluted algal remains in the sediment. In any case, the introduction of terrigenous sediment 
and chemical nutrients, particularly on the western side of the basin, would have been low most of the time 
because of the inferred arid climate, great distance to the source area, and disruption of the eastern river sys-
tems by thrust faulting. 

Zielinski and McIver (1982) identified three palynological biofacies whose areal distribution changed 
over time (Figure 41). (1) The Tasmanites biofacies is characterized by very large numbers of these green 
algae, often to the exclusion of other marine forms. Any included herbaceous matter may have been wind-
blown. (2) The marine biofacies includes normal-marine forms such as chitonozoans, acritarchs, scoleo-
codonts, leisospheres, and sphaeromorphs plus a few Tasmanites and some herbaceous material. (3) The 
terrestrial biofacies, although deposited in a marine environment, consists of mostly terrestrial plant material:  
fresh woody debris and oxidized and reworked woody material. In early Marcellus time much of the basin 
(western New York, western Pennsylvania, eastern Ohio, and northern West Virginia) was dominated by the 
Tasmanites biofacies with just minor occurrences of the terrestrial biofacies to the east. In late Marcellus time 
the western Tasmanites facies began to be replaced by the marine biofacies, while the terrigenous biofacies 
encroached from the east. 

Water depth in the Marcellus sea may have been 80–310 m (Ettensohn, 2008). Subsequent infilling of the 
basin by prograding coarse-grained clastics led to shallower water and dysaerobic to aerobic conditions. The 
overlying limestone represents a time of shallow, well oxygenated water. Deposition was orderly, reflecting a 
regular change in water depth and chemistry—basal organic-rich shale of the Marcellus, overlying coarsening-
upward clastic wedge of the Mahantango, capped by limestone of the Tully (Curtis, 2002). Superimposed on 
this large-scale sequence were a number of smaller facies changes (Purcell, Cherry Valley, and upper Oatka 
Creek Members) and disconformities (in the Marcellus and Tully), attributed to minor fluctuations of sea level 
and/or tectonic movements of the peripheral bulge or other basement features (Hill and others, 2004; Lash, 
2008).

Lash (2008) interpreted the origin of carbonate concretions in black shale of the Upper Devonian 
Rhinestreet Shale to be very early diagenetic, and perhaps this model applies to carbonate concretions of the 
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Figure 41.  Palynological biofacies maps for the lower and upper members of the Marcellus Shale and the 
overlying Mahantango Formation. Red = Tasmanites, blue = normal-marine, and brown = terrestrial palynological 
forms. Modified from Zielinski and McIver, 1982.
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Marcellus. They originated perhaps one meter below the sea floor, along a stratigraphic horizon, and before 
the onset of compaction. Passive precipitation of calcite within interparticle pores of the newly deposited mud 
(original porosity calculated to have been 74–93%) formed the concretions. 

A few authors have proposed different interpretations for strata of the Acadian clastic wedge. For 
example, Schwietering (1978) favored a relatively shallow-water origin for the Devonian black shales. The 
black-shale facies may have accumulated on a western platform over the Cincinnati Arch, with water depth as 
shallow as 300 ft and salinity varying from normal-marine to brackish. Perkins and others (2008) postulated 
that the eastern trade wind initiated upwelling currents in the basin while the arid climate limited fresh-water 
input. Consequently the water column was unstratified, and the bottom water experienced a robust exchange 
with the open ocean. Bottom water was generally suboxic, but not continuously anoxic. And Dennison (1985) 
suggested that the limestones resulted from eustatic transgression.

4.3 Petroleum Geology

4.3.1 U.S. Department of Energy’s Eastern Gas Shale Project

The Eastern Gas Shale Project of the late 1970s and early 1980s generated a vast amount of data con-
cerning the stratigraphy, structure, petrology, geochemistry and petroleum potential of Middle and Upper 
Devonian black shales in the Appalachian Basin. Much of this information, particularly data relating to shale 
geochemistry, was assembled and published by Zielinski and McIver (1982), and this section summaries that 
report. Prophetically Zielinski and McIver (1982) realized that maximum recovery of shale gas could not take 
place without a better understanding and mapping of natural-fracture networks (which maximize drainage to 
the borehole) and without an improvement in stimulation techniques.

Organic Carbon Content. The total organic carbon (TOC) content of the Devonian shales changes 
rapidly from place to place and from layer to layer, even within a single formation like the Marcellus. 
Nevertheless, the overall organic richness of each formation can be determined. TOC in the lower Marcellus 
member is highest (6%) in northern West Virginia and southwestern Pennsylvania, decreasing somewhat 
(2–4%) elsewhere in the central Appalachian Basin. TOC in the upper Marcellus is excellent (4–6%) in 
central Ohio and somewhat less (2–4%) in eastern Ohio and southwestern Pennsylvania. TOC in the overly-
ing Mahantango Formation is just 1–2% in western Ohio beyond the thick clastic wedge. TOC in the Geneseo 
(Burkett) is greatest (2–4%) in central Pennsylvania and northwestern West Virginia, but lower (1–2%) in 
Ohio, New York, and western Pennsylvania.

Biofacies. The nature and origin of the contained organic material is important in that algal matter gener-
ates a greater quantity of hydrocarbons than woody matter and at a lower temperature. Three palynological 
biofacies were identified. The Tasmanites biofacies contains a palynomorph assemblage dominated by this 
single genus of marine green algae. The extremely low diversity of the fossil assemblage suggests that water 
quality in the Devonian seaway was abnormal. The marine biofacies is a heterogeneous mix of algae and zoo-
plankton and reflects normal sea-water chemistry. The terrestrial biofacies comprises mostly woody material 
derived from the adjacent landmass. Sea water there may have been influenced by a large riverine influx. 

In early Marcellus time the Tasmanites biofacies covered most of the region while the terrestrial biofacies 
was confined to a small area in the southeast. By the late Marcellus the Tasmanites biofacies had retreated to 
the west, the marine biofacies occupied the center region, and the terrestrial biofacies occurred in the east. 
When the Mahantango clastic wedge formed, the western basin was dominated by normal-marine palyno-
morphs. Tasmanites blooms had been virtually eliminated presumably in response to changing water chem-
istry, and terrestrial organic matter from eastern lands encroached farther into the basin. In Geneseo time a 
biofacies pattern similar to that of the late Marcellus had become reestablished.

The δC13 value for natural gas in the Marcellus (ratio of carbon isotopes C13/C12 compared to a chemical 
standard) varies between -22 and -28 ppt, indicating that it is a mix of thermogenic and biogenic gas.

Thermal maturity. The maturity of contained organic carbon in the shale was determined by the thermal 
alteration index (TAI, color variation of spores, pollen, and plant cuticle) and vitrinite reflectance (Ro). TAI 
analysis was generally preferred, proving to be more useful than Ro. TAI values more closely parallel areal 
geological trends and exhibit more detail in vertical section. For the Marcellus-Geneseo stratigraphic interval, 
TAI values are ≤ 2 in northeastern Ohio. Spores and pollen are orange in color, reflecting a maximum paleo-
temperature of 100–150°C. Expected hydrocarbons are oil and wet gas. Values increase progressively to the 
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east-southeast. TAI vales are 3 in southeastern Ohio, western Pennsylvania, and west-central New York where 
spores and pollen are brown. Maximum paleotemperatures were greater than 150°C, and the expected hydro-
carbon is wet gas. TAI values are 4 in north-central Pennsylvania. The maximum paleotemperature was near 
200°C, and the expected hydrocarbon is dry gas.

The content of heavier gaseous and liquid hydrocarbons in the shales (C2-5 and C15+/TOC) and the quan-
tity of gas (gas-in-place or GIP; relative weight of hydrocarbons to total organic carbon or HC/TOC) are both 
anomalously high for the degree of thermal maturity suggested by TAI and Ro. Rocks with a TAI indicative 
of beginning early-maturity in fact contain wet gas and oil of the peak- to late-maturity stage. This discrep-
ancy was explained as the effect of time substituting for temperature during hydrocarbon generation in older 
Paleozoic rocks. 

Source quality. An arbitrary rating system of source-rock quality was established by combining data 
for TOC, type of organic matter, and thermal maturity. The resulting source-rock potential was calculated per 
unit volume of rock. The source-rock potential of the lower Marcellus member is exceptional in southwestern 
Pennsylvania and northern West Virginia and excellent in western New York, western Pennsylvania, eastern 
Ohio, and western West Virginia. The source-rock potential of the upper Marcellus is exceptional in north-
western West Virginia and southeast Ohio and excellent in west-central Ohio and southwest Pennsylvania. The 
source-rock potential of the Mahantango is poor everywhere. And the source-rock potential of the Geneseo is 
exceptional in northwestern West Virginia and good in southwest through north-central Pennsylvania.

By taking into consideration stratigraphic thickness, the relative gas potential of the stratigraphic unit can 
be determined. The relative gas potential for the lower Marcellus member (only 20–50 ft thick) is rated low 
everywhere (that is, low for the Devonian section in the Appalachian Basin), although the best area is south-
western Pennsylvania. The relative gas potential for the upper Marcellus (20–150 ft thick) is also rated low 
everywhere, although the best area is northern West Virginia. The relative gas potential for the Mahantango 
(20–700 ft thick) is low everywhere. And the relative gas potential for the Geneseo (20–300 ft thick) is very 
large in south-central New York and north-central Pennsylvania.

Gas in place (GIP) was then calculated for the several stratigraphic units and expressed in terms of bcfg 
per square mile and total volume for the study area.

Lower Marcellus  2–5 MMcfg/ac = 1–3 bcfg/sq mi  total = 78 tcfg
Upper Marcellus 2–15 MMcfg/ac = 1–10 bcfg/sq mi  total = 100 tcfg
Mahantango  1–20 MMcfg/ac = 0.6–13 bcfg/sq mi total = 213 tcfg
Geneseo  1–35 MMcfg/ac = 0.6–22 bcfg/sq mi total = 242 tcfg
These values for Marcellus GIP (Zielinski and McIver, 1982) compare favorably with calculations of 

0.3–2.5 bcfg/sq mi (Marcellus Shale in New York, 2009) but are substantially lower than the most recent esti-
mates of 30–150 bcfg/sq mi (Wrightstone, 2008; Petzet, 2009). The total gas in place for the Marcellus Shale 
(178 tcfg) presented by Zielinski and McIver (1982) is also lower than recent calculations (generally 300–500 
tcfg), in part because of the smaller study area (excludes south-central New York, northeast Pennsylvania, and 
southern West Virginia). Note, too, that gas in the Mahantango Formation (213 tcfg) was not sourced in that 
formation, but presumably migrated from the underlying Marcellus.

Natural fractures. Two sets of natural fractures were identified in the Marcellus:  one striking NE 
and the other striking NW. The fracture density in Middle-Upper Devonian shales is higher in southwestern 
Pennsylvania, West Virginia, and eastern Ohio and lower in central-to-northeastern Ohio, northwestern 
Pennsylvania, and New York. Fracturing was attributed to local and regional tectonic stresses, uplift and ero-
sion of the stratigraphic overburden, and mechanical compaction of the rocks.

4.3.2 Organic Carbon Content

The total organic carbon (TOC) content by weight for Marcellus black shales is reported to be 1.40–
4.30% by Milici and Swezey (2006), 4.27% by Lash (2008), 4–6% Gottschling, 2007), 2–10% (Wrightstone, 
2008), 3.87–11.05% by Hill and others (2004), and 10–12% (Engelder, 2008a). According to the classifica-
tion scheme of Peters and Cassa (1994), the Marcellus is a very good to excellent source rock in terms of its 
organic richness. Stratigraphically, specific TOC values in Pennsylvania and New York include:  1–9% in 
the Union Springs Member, 1–10% in the Oatka Creek Member as a whole, 0.74–0.78% in gray shale of the 
Oatka Creek, 0.29% in the overlying Mahantango Formation, and 0.90–1.57% in the higher Burkett/Geneseo 
Shale (Nyahay and others, 2007; Engelder, 2008a). 

In general, organic richness is greatest in the basal 50 ft of the formation in the Union Springs Member 
(Engelder, 2008a). Zielinski and Nance (1979) correspondingly cited mean and maximum values in the 
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basal section to be 5.19% and 8.81%, compared to 1.64% in the upper Marcellus in a well in West Virginia. 
Geographically, organic richness is highest in the central region (up to 9%) and decreases to the east (1–2%) 
and west (2–3%) across the basin in New York (Figure 42 and 43) (Hill and others, 2004; Nyahay and others, 
2007; Sumi, 2008) and decreases from north to south along the basin axis (4.3% in New York, 3.61% in 
Pennsylvania, and less than 2% in West Virginia; Milici and Swezey, 2006). Somewhat similarly Zielinski and 
McIver (1982) showed the TOC in the lower Marcellus member to reach 4% in western New York and 6% in 
northern West Virginia and to decrease both eastward and westward from these maximum values. On the other 
hand, Zielinski and McIver (1982) showed the TOC in the upper Marcellus to reach 6% in central Ohio and to 
continuously decrease eastward (Lyle, 2009).

Zielinski and Nance (1979) reported that the uranium/thorium ratio of the shale (from API values on 
the gamma-ray log) is a good linear predictor of TOC (Figure 44). de Witt and others (1993) noted that in 
the western and central portions of the Appalachian Basin, black shale exhibits a gamma-ray reading of +20 
API units above the base line for gray shale (and as high as 600 API units; Engelder, 2008a). However, Van 
Tyne and Peterson (1978) stated that black shale does not always display such a high API value. Lash (2008) 
claimed that the bulk-density is a better proxy for TOC (reflecting the low density of organic matter compared 
to framework minerals) because fixation of uranium to organic matter is influenced by sedimentation rate. 
Gottschling (2007) presented a nearly linear relationship between TOC and formation density (Figure 45). 
Density readings for the Marcellus are as low as 2.35 g/cm3. 

Regional variation in organic richness values does not necessarily parallel trends in Marcellus thickness 
(Sumi, 2008). For example, Lash (2007) presented a percentage map of black shale in the Oatka Creek 
Member, showing that this facies exceeds 90% of the stratigraphic thickness in central New York and 
Pennsylvania, decreasing both to the east (30%) and west (20%) (Figure 46). An isopach map of the basal 
black shale of the Oatka Creek Member illustrates the total thickness to exceed 45 ft to the east and to thin 
dramatically westward to less than 25 ft (Figure 46). In contrast, an isopach map of the entire Oatka Creek 
Member shows that it is thickest in eastern Pennsylvania and thick in Ohio, but thins through central New 
York (Figure 32). Furthermore, Van Tyne and Peterson (1978) cautioned that the thickness of a black-shale 
unit determined from well cuttings may be 10 times greater than the thickness based on API gamma-ray units 
because of facies misidentification on the well log.

Kerogen is mostly sapropelic (marine, algal) type II (Figure 47) (Lash, 2008). Certainly, though, the 
Marcellus contains an admixture of terrestrial humic Type III kerogen in the eastern portion of the basin 
(Zielinski and McIver, 1982). Hill and others (2004) and Nyahay and others (2007) showed that the kerogen 
type based on Rock-Eval analysis (hydrogen index HI as high as 250–400, oxygen index OI less than 50) is 
primarily type II with a mixture of type III (Figures 48 and 49).

4.3.3 Thermal Maturity and Burial History

Regional maps of vitrinite reflectance (Ro) have been published by Hill and others (2004), Repetski and 
others (2005), Milici and Swezey (2006), Nyahay and others (2007), and Wrightstone (2008) with values 
increasing from a minimum of 0.5–1.0 in eastern Ohio (that is, early to peak maturity) to a maximum of 
3.0–3.5 in eastern Pennsylvania (post mature). Thermal maturity of the Marcellus increases more-or-less pro-
gressively eastward across the basin (Figure 50), and most workers relate maturity directly to maximum burial 
depth beneath the Acadian and Alleghenian clastic wedges (Repetski and others, 2005). Maximum burial depth 
was perhaps 5,000 ft in the west and 8,000 ft in the east (Milici and Swezey, 2006). Interestingly Zielinski 
and Nance (1979) calculated a maturity gradient with burial depth in a well in Monongalia County, West 
Virginia—Ro increases 0.3% per 1,000 ft, although a higher-than-normal heat flow associated with the Rome 
trough (in the middle Mesozoic) may have generated higher values of thermal maturity at shallower burial 
depths in the west (Repetski and others, 2005; Lash, 2008). Wrightstone’s (2008) map also illustrates three 
salients of more-mature Marcellus extending northwesterly in Pennsylvania and West Virginia, hinting at the 
site of basement structures or lineaments that locally controlled migration of hot, basin-derived fluids or that 
locally controlled Upper Paleozoic overburden thicknesses (Repetski and others, 2005). Regional variation in 
Marcellus maturity explains the presence of wet gas in some areas and dry gas in others (Durham, 2008). 

Thermal maturity is directly related to burial history. Lash (2008) published a burial-history curve for 
Devonian formations in a well in western New York. The Marcellus was subjected to a first stage of rapid 
burial in the Devonian-Mississippian (burial beneath Acadian clastic wedge), uplift in the Pennsylvanian 
(Alleghenian Orogeny), a second stage of rapid burial in the Permian-Triassic (burial beneath Alleghenian 
clastic wedge), followed by steady uplift to the present time (continuous erosion of 7,000–10,000 ft of 
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Figure 42.  Total organic carbon for the lower and upper members of the Marcellus Shale and the overlying Mahantango 
Formation. Modified from Zielinski and McIver, 1982.
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Figure 43.  Top: total organic carbon (TOC) in the Union Springs Member 
across New York. Middle: TOC in the Oatka Creek Member. Bottom: Tmax 
of the Oatka Creek member. Hotter colors represent higher values. Arrows 
indicate direction of increasing values. Modified from Nyahay and others, 
2007.
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Figure 44.  Well log of Marcellus showing gamma-ray values (left) and gas shows 
from temperature log (right). Modified from Wrightstone, 2008.

Figure 45.  Relationship between TOC and formation density (top) and shale porosity 
and formation density (bottom). Modified from Gottschling, 2007.
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overburden). At that location the Marcellus entered the early mature oil zone (Ro = 0.5–0.7, temperature = 
75–110°C, depth = 8,000–11,000 ft) near the end of the Pennsylvanian period about 280 million years ago 
(MA) and entered the mid mature oil zone (Ro = 0.7–1.0, temperature 110–140°C, depth = 11,000–14,000 ft) 
near the end of the Permian about 250 MA (Lash, 2008). To the east where burial depths were significantly 
greater, the Marcellus undoubtedly matured earlier in the Paleozoic. 

An increasing value of Ro influences the expected hydrocarbons generated, although the exact limits are 
not universally accepted (Table 4). Much of the Marcellus Shale lies outside of the oil window (Sumi, 2008). 
Using Ro = 1.60 as a cutoff value (Repetski and others, 2005; Milici and Swezey, 2006), the formation should 
contain oil and/or wet gas in western New York, northwestern Pennsylvania, eastern Ohio, and far western 
West Virginia. The formation should contain dry gas in eastern New York, most of Pennsylvania, Maryland, 
and central-to-eastern West Virginia. 

In the Appalachian Basin the Conodont Alteration Index (CAI) has also been used successfully to 
measure thermal maturity (Figure 51). CAI is a scale of color alteration in conodonts as a result of increasing 
temperature and burial depth. The table above provides approximate equivalents with Ro. Hill and others 
(2004) presented a map of CAI isograds across New York, reporting that Middle Devonian shales display 
values of 1.5 (early-peak oil) in the west to 2.5–3.0 (wet gas) in the central area. Repetski and others (2005) 
prepared a map of CAI isograds across West Virginia, showing values of 1.5 (early-peak oil) in the west along 
the Ohio River to 4.0 (dry gas) in and near the Valley and Ridge province in the east. This map also points out 

Figure 46.  Top: map showing the percentage of black shale facies of the Oatka 
Creek Shale (contours in 10% increments). Bottom: isopach map (thickness in feet) 
of the basal organic-rich black shale facies of the Oatka Creek Shale. Modified from 
Lash, 2007.
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Figure 47.  Top: photomicrograph of kerogen particle in Marcellus Shale; 
modified from Geology.com. Bottom A and B: microfractures propagating 
between kerogen particles; modified from Engelder and Lash, 2008.
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local maturity highs and salients associated with basement structures, such as the Rome Trough and central 
West Virginia Arch. Repetski and others (2005) noted that the correlation between CAI and Ro isograds is only 
mediocre. 

From Rock-Eval analysis, the level of thermal maturity of the shale can be determined from Tmax, the 
temperature at which the peak release of hydrocarbons occurs by pyrolytic cracking of kerogen (Figure 43). 
The top of the oil window (early mature) occurs at Tmax = 435–445°C and the bottom of the oil window (late 
mature), at 470°C. Hill and others (2004) presented Tmax values in the Marcellus from central and western 
New York. Values range from 430°C (immature) to 515°C (post mature).

Lastly, a few geologists have examined the thermal alteration of index (TAI) of spores, pollen, and plant 
cuticle, a progressive color change in these fossil materials as an indication of increasing thermal maturity 
(Hill and others, 2004; Gottschling, 2007). Zielinski and McIver (1982) published a map of TAI values across 
the western portion of the basin (Figure 51). In northeast Ohio TAI = 2 where the rocks are immature. Values 
increase progressively (as they do for Ro, CAI, and Tmax) into north-central Pennsylvania where TAI = 4 (wet 
gas).

Lash (2008) noted that vitrinite reflectance values measured for Appalachian black shales can be sup-
pressed, that is, they may underestimate the degree of thermal maturity and maximum burial depth. Vitrinite 
suppression occurs in the lower to middle oil window and is related to kerogen type and amount. Shales with 
a high TOC (hydrogen index > 125 mg/g) and especially those rich in liptinite and exinite (hydrogen-rich, 
sapropelic type II kerogen, like that of the Marcellus) experience a marked suppression. In western New York 
and northwestern Pennsylvania, organic-rich shales (HI > 100 mg/g) exhibit suppressed values of Ro in the 
range of 0.5–1.0% compared to interbedded organic-lean shales (HI < 50 mg/g) with unsuppressed Ro values 
of 1.0–2.5%. Perhaps early diagenesis of the sapropelic kerogens formed stable components, and little change 
took place in their reflectance characteristics as burial temperature increased significantly. Similarly, Zielinski 
and McIver (1982) noted that Devonian shales of the central Appalachian Basin have suppressed TAI values in 
the oil window. If suppression of Ro and TAI values extends into the post-mature stage, then the mapped core 
area of the Marcellus (dry gas where Ro ≥ 1.6 and TAI ≥ 4) would shift to the west some considerable distance. 
Many workers, though, do not evaluate the effects of suppression on thermal-maturity indices.

Figure 48.  Rock-Eval data 
for Marcellus and Utica  
Shales in New York plotted  
on a modified Van Krevlen 
diagram. Modified from Hill  
and others, 2004.
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Figure 49.  Top to bottom: Hydrogen index for Union Springs 
Member across New York and for Oatka Creek Member of the 
Marcellus, and production ratio for Union Springs Member and 
for Oatka Creek Member. Hotter colors represent higher values. 
Modified from Nyahay and others, 2007.
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Figure 50.  Vitrinite reflectance (Ro) isogradient map across the central Appalachian 
Basin (modified from Wrightstone, 2008) and in West Virginia (modified from Repetski 
and others, 2005).
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4.3.4 Reservoir Characteristics

The Marcellus Shale is in effect a single, very large (continuous) gas resource that underlies thousands of 
square miles. It is a stratigraphic trap within the structurally-bound Appalachian Basin, occupying a structural 
low and straddling the basin axis. Drilling depth to the base of the shale (top of Onondaga Limestone) 
increases to the southeast, varying from 2,000 ft along Lake Erie to 8,000 ft in northern West Virginia and 
Maryland to 8,000–10,000 ft in central Pennsylvania (Figure 25) (Geology.com, 2008; Wrightstone, 2008).

Porosity has two components—interparticle (or matrix porosity located between silt and clay particles 
and organic matter) and open fractures. Average porosity is in the neighborhood of 6% (Wrightstone, 2008) 
to 10% (Soeder, 1988; Arthur and others, 2008b). Interparticle porosity contains both free and adsorbed gas 
(Durham, 2008), and much of this porosity may have resulted from thermal decomposition of organic matter 
to petroleum. At a high thermal maturity (Ro > 2.0), matrix porosity can be 2% higher (Barrett, no date). 
Gottschling (2007) offered a linear relationship between formation density (g/cm3) and porosity for three dif-
ferent TOC values (0%, 5%, and 10%; Figure 45). Lash (2008) calculated that original interparticle porosity 
in black shale of the Rhinestreet (perhaps similar to that of the Marcellus) was 74–93%. Porosity had been 
greatly reduced by a combination of physical compaction, pressure solution (chemical compaction), cemen-
tation, neoformation of clay minerals such as chlorite and kaolinite, and volume change accompanying the 
conversion of organic matter to bitumen.

Zielinski and Nance (1979) reported permeability values of 0.13–0.77 millidarcies with an average of 
0.363 millidarcies. Hill and others (2004) cited values of 4–216 microdarcies, and Engelder (2008a) reported 
values of 200–400 nanodarcies. The very low permeability may have resulted from ductile squeezing of the 
contained organic matter (Lash, 2008). Soeder (1988) maintained that Marcellus permeability is strongly influ-
enced by geostress exerted on the rock:  a doubling of the net confining stress lowers the rock’s permeability 
by nearly 70%. The presence of liquid hydrocarbons will also lower the permeability with respect to natural 
gas (Soeder, 1988).

Reservoir pressures range from 400 to 4,000 psi (Wrightstone, 2008; Lyle, 2009). The Marcellus Shale 
can be slightly overpressured, especially in the northern section of the basin (Sumi, 2008). Deacon (2009) 
claimed that the overpressured areas are located in northeastern and southwestern Pennsylvania and northeast-
ern West Virginia. In the core area of the Marcellus, the pressure gradient ranges from 0.46–0.51 psi/ft (Hill 
and others, 2004). Lash and Blood (2007) attributed overpressuring of the Rhinestreet Shale to have resulted 
from a marked increase in sedimentation rate during Late Devonian progradation of the Catskill deltaic 
complex. In contrast, the Marcellus in southwestern West Virginia is thought to be underpressured (Marcellus 
Playbook, 2009). Wrightstone (2008) cited pressure gradients of 0.10–0.20 psi/ft in southwestern West 
Virginia and 0.20–0.35 psi/ft in central West Virginia.

Gas saturation ranges from 55–80% and water saturation, from 20–45% (Zielinski, 1977; Kuuskraa and 
Wicks, 1984). The production of formation water is nil (Arthur and others, 2008b), suggesting that the shale 
has no free water or that the relative permeability for water is zero.

Table 4.  Relationship between vitrinite-reflectance value (% Ro), Conodont 
Alteration Index (CAI), stage of thermal maturity, and generated hydrocarbons in 
the Marcellus Shale.

[<, less than]

Ro 
(percent) 

Conodont Alteration 
Index (CAI) 

Maturity 
Thermogenic 
hydrocarbons 

<0.55 
1-1.5 

Immature none 
0.55-0.70 Early Mature top of oil window
0.70-1.10 

1.5-2.0 Peak Mature 
peak oil 

1.00-1.10 top of gas window
1.10-1.60 

2.0-3.0 Late Mature
oil and gas

1.20-1.50 peak wet gas
1.60-3.50 3-4 Post Mature peak dry gas 
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Figure 51.  Top: values of Thermal Alteration Index (TAI) for the Marcellus-Geneseo 
stratigraphic interval in the central Appalachian Basin; modified from Zielinski and 
McIver, 1982. Bottom: values of Conodont Alteration Index (CAI) for the Marcellus 
Shale in West Virginia; modified from Repetski and others, 2005.



4.0 MARCELLUS SHALE, APPALACHIAN BASIN  71

 Zielinski (1977) cited fracture porosity in the Devonian shales as high as 3.5–4.5%, but Hill and oth-
ers (2004) found that fracture porosity is less than 1% even in shale with the highest joint density. Fracture 
width ranges up to 1 cm (Geology.com, 2008), and minerals that partly fill the fractures keep them open and 
maintain the pore network (Figures 47 and 52). The density of fractures is directly proportional to the shale’s 
TOC; J1 joints are better developed in the organic-rich shale and J2 are better developed in siltstone. Both sets 
are rarely mineralized, presumably because methane remained in the openings since they formed 250 MA 
(Engelder, 2008a). Less than 0.01% of the fractures observed in outcrop have been mineralized (calcite veins). 
If unmineralized, J1 joints prove to be more permeable than J2 joints. 

Vertical growth of a natural fracture is dictated by thickness of the mechanical unit containing the joint 
set. Homogeneous thick shales act as a single mechanical unit, and joints there tend to have great height and 
close spacing (Engelder, 2008a). In New York outcrops Lash (2008) noted that although the shale is heavily 
jointed, joints do not penetrate carbonate concretions within the Marcellus (Figure 40) nor do they extend into 
the overlying Stafford Limestone. In contrast, joints in outcrop extend upward from black shale into overlying 
gray shale for at least 50 m (Engelder, 2008a). Thus it appears that limestones in the stratigraphic section 
(Onondaga, Purcell, Cherry Valley, Mahantango limestones, and Tully) have a higher fracture threshold than 
the shales. 

Figure 52.  Top: general distribution of Marcellus Shale in Pennsylvania and the location of five EGSP cores with 
orientations of measured fractures; modified from Harper, 2008. Bottom: photograph of partly mineralized fracture; 
from Soeder and Kappel, 2009.
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4.3.5 Generation of Hydrocarbons

Hydrocarbons in the Marcellus Shale are thermogenic in origin. The natural gas is adsorbed onto solid 
organic matter and kerogen (20–40% of the total according to Jarvie and others, 2004; 18–85% according to 
Kuuskraa and others, 1983) and stored in interstitial pores and microfractures. The quartz content in the shale 
increases eastward across the basin, suggesting that there is less adsorbed gas and more free gas in that direc-
tion (Lyle, 2009). Recent experiments by Busch and others (2009) also suggested that clay minerals may play 
a role in increasing the adsorption of gas. Gas distribution and movement in the black shale is thought to be:  
molecular diffusion through the shale matrix, adsorption onto fracture faces, and free gas in the open fractures 
(Soeder, 1988; Gottschling, 2007). Gas in place (GIP) is currently estimated to range from 20–150 bcfg per sq 
mi (Wrightstone, 2008; Lyle, 2009; Petzet, 2009) or 60–100 scfg/ton rock (Arthur and others, 2008b; Deacon, 
2009). Total GIP for the Marcellus Shale Assessment Unit may be 295 tcfg (Milici and Swezey, 2006), 168–
516 tcfg (Sumi, 2008), as much as 1,500 tcfg (Arthur and others, 2008b), or a high of 2,455 tcfg (Petroleum 
Technology Transfer Council, 2009). Engelder and Lash (2008) proposed that the GIP exceeds 500 tcfg over 
a four-state area (New York, Pennsylvania, West Virginia, and Ohio) with technically recoverable reserves 
of 50 tcfg. Engelder’s (2009) more recent calculation yields a 50 percent probability that the Marcellus will 
ultimately produce 489 tcfg (assuming a power-law decline rate, 80-acre spacing, and 50-year well life). 
Similarly, Arthur and others (2008b) cited reserves of 363–500 tcfg. 

Zielinski and McIver (1982) implied a 54% loss of gas to migration by comparing their GIP calculation 
for the Marcellus in the central region of the play (178 tcfg) to that of the overlying Mahantango (213 tcfg and 
sourced by the Marcellus). The calculated loss would be even greater if gas in other conventional reservoirs 
sourced by the Marcellus were included (e.g., Billman and others, 2000). 

Rock-Eval pyrolysis provides several geochemical parameters to assess the petroleum potential of a 
source rock based on the amount of hydrocarbons present (Table 5). S1 measures hydrocarbons already gener-
ated in the rock and distilled from the sample by heating to a temperature of 350°C. Free hydrocarbons gener-
ally increase with depth. The minimum value for a good source rock is S1 = 1.0 mg HC/g rock. S2 measures 
the amount of hydrocarbons generated through thermal cracking of kerogen as the pyrolysis temperature is 
increased to 550°C. S2 is an indication of the quantity of hydrocarbons that the rock may potentially produce 
should burial and maturation continue. The minimum value for a good source rock is S2 = 5.0 mg HC/g rock. 

S1 values for early-mature Marcellus samples (calculated Ro = 0.58–0.90%) in western New York range 
from 0.66–5.61 mg HC/g rock (Engelder, 2008a). These rocks have a fair to excellent (mostly very good) 
petroleum potential. S1 values decrease to 0.02–0.40 mg HC/g rock in east-central Pennsylvania (Ro = 1.28–
3.51, late to post mature) and to 0.02–0.05 mg HC/g rock in far eastern Pennsylvania (Ro = 3.00–3.50%, post 
mature), reflecting an eastward change in gas expulsion and the experimental loss of volatiles. 

S2 values for early-mature Marcellus samples in western New York range from 1.66–40.67 mg HC/g 
rock (Engelder, 2008a). Based on these values, the shale there has a poor to excellent petroleum potential. S2 
values decrease to 0.03–0.79 mg HC/g rock in east-central Pennsylvania and to 0.00–0.04 mg HC/g rock in far 
eastern Pennsylvania, illustrating an increasingly greater thermal maturity.

The production index, defined as the ratio of already generated hydrocarbons to total potential hydrocar-
bon yield and quantified by S1/(S1 + S2), averages 26% in western New York where the Marcellus is immature 

Table 5.  Petroleum potential of an immature source rock based on analyses of the contained organic matter, 
bitumen, and hydrocarbons1.

[TOC, total organic carbon; wt. %, weight percent (1.0 wt. % carbon means that in 100 grams of rock sample there is 1 gram of organic 
carbon); ppm, parts per million; >, greater than]

Petroleum  
potential

Organic matter 
Bitumen Hydrocarbons

TOC Rock-eval pyrolysis

wt. % S1 S2 wt. % ppm ppm

Poor 0-0.5 0-0.5 0-2.5 0-0.05 0-500 0-300
Fair 0.5-1 0.5-1 2.5-5 0.05-0.10 500-1,000 300-600
Good 1-4 1-2 5-10 0.10-0.20 1,000-2,000 600-1,200

Very good 2-4 2-4 10-20 0.20-0.40 2,000-4,000 1,200-2,400
Excellent >4 >4 >20 >0.40 >4,000 >2,400

1 From Peters and Cassa, 1994.



4.0 MARCELLUS SHALE, APPALACHIAN BASIN  73

to early mature, 30% in east-central Pennsylvania where the shale is late to post mature, and 78% in far eastern 
Pennsylvania where the formation is post mature (Engelder, 2008a). These values indicate that between 26 and 
78 percent of the potential hydrocarbons have already been generated. Furthermore, Nyahay and others (2007) 
showed that the transformation ratio, that is, the extent of kerogen conversion to hydrocarbons, exceeds 90 
percent in both the Union Springs and Oatka Creek Members of south-central New York (Figure 49).

Marcellus shales become more brittle to the east across the basin (containing more quartz) and thus 
exhibit greater fracture porosity and permeability. However, the hydrocarbon potential in that direction may be 
low because of the formation’s lower TOC (Sumi, 2008), or conversely it may be high because of the forma-
tion’s high thermal maturity (Barrett, no date).

4.3.6 Delineation of the Marcellus Play

Wrightstone (2008) mapped the geographic distribution of permitted well sites (N = 2,215) and drilled/
completed wells (N = 1,182) to the Marcellus Shale as of September 2008 (Figure 22). The map delineates 
a prospecting fairway that extends from south-central New York, through northeastern-southwestern 
Pennsylvania, and into western West Virginia (see also Gottschling, 2007; Sumi, 2008; Marcellus Playbook, 
2009). This fairway measures 500 miles long and 100–130 miles wide, but most geologists consider 
Pennsylvania and New York to be most favorable (Sumi, 2008; Lyle, 2009).

Geological characteristics that are generally used to assess the Marcellus and to locate the sweet spots for 
exploration and development include:

• Thickness of organic-rich shale, more-or-less arbitrarily chosen at 50 ft or more. All else being equal, 
greater thickness means more gas in place and higher production. 

• Total organic carbon, TOC ≥ 4%. Greater organic content means more gas in place. Organic content 
also influences joint development: joint density is higher in black shale than in gray shale (Hill and  
others, 2004).

• Thermal maturity Ro ≥ 1.6%, post mature. The hydrocarbon generated is dry gas. At lower maturity, the 
presence of liquid hydrocarbon lowers the shale’s permeability with respect to natural gas.

• Spacing, aperture, and direction of natural fractures (joints). Open fractures significantly increase 
permeability and thus strongly influence production. Permeability is higher in unmineralized fractures 
and in fractures aligned ENE with the contemporary stress field. Fractures in black shale are closely 
spaced relative to their height. Well stimulation should thus be designed to intersect this set of natural 
fractures.

• Fracture barriers below and above. The underlying barrier is the Onondaga Limestone. Within- 
Marcellus barriers are the Purcell and Cherry Valley Limestone Members. Overlying barriers are the 
Tully Limestone and perhaps any thick Mahantango siltstone or limestone.

• Stratigraphic relationship between black and gray shales. Thickness of a mechanical unit (thick black 
shale vs. interbedded black and gray shales) controls the vertical growth of fractures (Engelder, 2008a).

The prospecting fairway is seemingly identified by four essential properties:  (1) greatest thickness of 
black, organic-rich, radioactive shale, (2) thermally post-mature source rock, (3) position over or close to the 
Rome trough, and (4) underlying fracture barrier of Onondaga Limestone. Note that these properties are not 
necessarily independent. Reactivation of basement faults within the Rome trough may have divided the fore-
land basin into locally deep subbasins which accumulated thick successions of black shale. Marine circulation 
in these subbasins was poor, the water column stratified, and the bottom water oxygen-poor, all favoring the 
preservation of organic matter (TOC ≥ 4%). A higher-than-normal heat flow associated with the Rome trough 
conceivably generated higher values of thermal maturity at a shallower burial depth. Basement structures, too, 
could have influenced the migration of hot, basin-derived fluids into the Marcellus or controlled the thickness 
of its stratigraphic overburden. Natural fractures in the shale, which greatly increase gas permeability, were 
perhaps created by tectonic movement along Rome faults. Fractures also formed by disequilibrium compac-
tion of the Marcellus and a buildup of fluid pressure during the late-mature and post-mature stages of burial 
(when Ro > 1.3%). In particular, J1 joints (unmineralized, permeable) are better developed in organic-rich 
shale, and the density of these joints is directly proportional to the shale’s TOC. The Onondaga Limestone has 
a higher stress gradient than organic-rich shale, and thus it serves as a fracture barrier.
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5.0 DRILLING AND STIMULATION TECHNIQUES 

5.1 Fracture Stimulation

5.1.1 Natural Fractures and Faults

Barnett wells that intersect natural fractures are usually thought to produce the most gas. However, 
Steward (2007) stated that natural fractures are of limited size, frequently healed, and contribute little to gas 
production (unless opened by fracture stimulation). Open fractures in the middle Forestburg Limestone may 
favorably connect the upper and lower shale members during stimulation (Gale and others, 2007). Electric-
image logs, when calibrated with resistivity data and evaluated along with accurate mud-resistivity measure-
ment, can indicate the presence of open fractures, their dip angle, and aperture width (minimum cut-off 0.06 
mm). Wells that do not encounter open fractures in general do not produce as much gas—having a flow rate 
at least one order of magnitude less and total gas production of one third (Johnston, 2004a). Open natural 
fractures, though, may inhibit the growth of hydraulically induced fractures. The role of mineralized or healed 
fractures remains questionable. Jarvie and others (2007) stated that healed fractures, usually located near 
major fault planes, are less responsive to stimulation than open fractures, and they cannot connect sufficient 
shale surface area to the wellbore. Bowker (2007a), on the other hand, claimed that healed fractures enhance 
the effectiveness of fracture treatment in that they serve as zones of weakness in the shale. The tensile strength 
of the contact between shale wall rock and calcite fracture fill is low, and mineralized fractures open during 
stimulation. 

Existing faults tend to divert the flow of fracture fluids (thereby reducing the volume of reservoir 
rock being fractured), or they allow water into the Barnett from adjacent aquifers. For example, hydraulic 
fractures in wells drilled as close as 500 ft to a major fault reportedly did not propagate into the water-bearing 
Ellenburger Group, but those located within the fault zone did (Bowker, 2007a). For the same reason, wells 
located near karst (fault chimneys) and structural flexures (anticlines and synclines) are apt to be poor produc-
ers (Steward, 2007). A karst chimney is a circular system of faults developed over the karst surface below 
the Barnett. Chimneys range up to 200 acres in size and can extend from the basal unconformity upward to 
the overlying Bend Formation (Steward, 2007; Givens and Zhao, 2009). In addition, wells drilled on a fault 
or structural high have a higher fracture gradient, and they tend to fracture toward or down the fault plane 
(Givens and Zhao, 2009). This would lower the efficiency of fracture treatment. Hayden and Pursell (2005) 
believed the geographic area of the Barnett play that is drillable and not affected adversely by faults and karst 
may be 50–85% of the total extent.

Many geologists similarly consider natural fractures in the Marcellus Shale critical to commercial rates 
of gas production (Sumi, 2008). The borehole and/or induced fractures must intersect natural fractures—serv-
ing as permeability pathways—in order to economically drain the shale reservoir (Hill and others, 2004; 
Gottschling, 2007; Lash, 2008; Durham, 2008; Lyle, 2009; Engelder and others, 2009). Two sets of natural 
vertical fractures or joints are pervasive in Devonian shales of the Appalachian Basin—J1 fractures with 
a strike of 60–75° and J2 fractures with a strike of 315–345° (Figure 52) (Gottschling, 2007; Lash, 2008; 
Engelder, 2008a; Engelder and others, 2009). Approximately 6% of the vertical Ohio Shale wells in the giant 
Big Sandy field produce with no stimulation as do 20% of the recent horizontal wells, demonstrating that 
many wells to the Upper Devonian intersect open natural fractures (Curtis, 2002; Engelder, 2008a). Marcellus 
J1 and J2 fractures have been identified in the subsurface throughout the basin (Hill and others, 2004; Lash, 
2008; Engelder, 2008a; Harper, 2008; Durham, 2008; Engelder and others, 2009), but of course they cannot 
be open in areas of abnormally high pore pressure (Hill and others, 2004; Sumi, 2008; Deacon, 2009). Indeed, 
fractures observed in core are often mineralized (Gottschling, 2007). Because they are vertical, such fractures 
are difficult for image logs to detect (Durham, 2008). 

J1 fractures are more densely spaced in the thinly bedded, organic-rich shales than the J2, and if unminer-
alized, J1 fractures have the greater permeability (Hill and others, 2004; Lash, 2008). In a vertical Marcellus 
well, artificially induced fractures develop ENE and intersect J2 fractures. Gas drains from the J2 natural 
fractures (less permeable) to the induced fractures and to the borehole (Figure 53). On the other hand, in a 
horizontal Marcellus well drilled NNW or SSE, hydraulic fracture treatment reopens J1 fractures. Gas drains 
from the reopened J1 natural fractures (more permeable) to the borehole (Lash, 2008), and the horizontal well 
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should be the better producer (Figure 53). Other geologists, though, argue that drilling a horizontal well in a 
NNW or SSE direction is preferable because the lateral itself intersects the maximum number of open J1 natu-
ral fractures (Lyle, 2009; Wells and Gognat, 2009). Engelder and others (2009) claimed that in a horizontal 
well drilled to the NNW or SSE, the lateral drains J1 fractures while artificially induced fractures drain the J2. 

Figure 53.  Relationship between natural fractures J1 and J2, artificial hydraulic fractures, and well bore. See text 
for discussion. Modified from Lash, 2008.
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5.1.2. Slickwater-Fracturing Treatment

The Marcellus has had a long history of fracture stimulation in vertical wells, and lessons learned from 
the Eastern Gas Shale Project of the late 1970s were subsequently applied to the Barnett. Conversely, horizon-
tal drilling and slickwater-fracture treatment have been used in the Barnett since the mid 1990s and are now 
being successfully adapted to the Marcellus. 

Because of the Barnett’s extremely low permeability (typically less than 0.001 millidarcies), wells almost 
always require some form of hydraulic fracturing to make them economic. Initially, stimulations were small, 
conventional 500,000-lb sand-gel fracture treatments that soon gave way to large, conventional 1,500,000-lb 
sand-gel fracture treatments (Johnston 2004b). Difficulties were often encountered in that gel residue damaged 
the fracture conductivity. By the mid 1990s more economical slickwater (or low-sand) fracture treatments 
were applied, pumping large volumes of lightly treated fresh water (about 1 million gallons) with a low sand 
concentration (100,000 lb). Fisher and others (2002) reported a typical treatment of 750,000 gal water with 
80,000 lb of proppant (proppant concentration averaging 0.1–0.5 lb/gal), pumped at 60 bbl/min. Martineau 
(2007) stated that since 1998 vertical wells have treated the lower and upper Barnett members separately, 
usually with 900,000 and 500,000 gal of fresh water, respectively, a total of 200,000 lb sand, and a pumping 
rate of 50–70 bbl/min. Slickwater fracs use a friction-reducing chemical additive which allows the water to 
be pumped into the formation at a high rate. Illite, the primary clay mineral in the Barnett, does not react 
adversely to the water. Although not dramatically increasing well performance, slickwater fracs achieve an 
effective extension length of the hydraulic fractures at one half to one third the cost of conventional stimula-
tion. Additionally, a routine completion practice is to re-stimulate Barnett wells after several years of produc-
tion (Pollastro, 2007). Wells previously stimulated by conventional techniques can be re-stimulated by slick-
water treatment, connecting additional reservoir rock to the borehole and sometimes exceeding the original 
initial production (Bowker, 2003; Jarvie and others, 2007).

Good conductivity near the borehole is required to allow of flow back the fracture fluid (from as little 
as 20-30% to as much as 60–70% of the injected volume returned over 2–3 days or more; Johnston 2004b; 
Givens and Zhao, 2009) because water that remains trapped in the Barnett will impede hydrocarbon produc-
tion. Also, water remaining in induced fractures from a nearby well can limit the extent of the fracture fair-
way in wells closely drilled in space (40 acres or less) and time (few weeks) (Givens and Zhao, 2009). The 
produced gas should lift the load of the fracture fluid to the surface; otherwise, the well may need swabbing 
or pumping (at additional cost) to eliminate standing water. Standing water chokes the gas flow from perfora-
tions, and the problem of water production regularly occurs throughout the life of a well. Barnett wells can 
produce a lot of water—median volume of 1.6 gal per Mcfg and as much as 400–500 bbl per day for the life of 
the well (Sumi, 2008). On the other hand, Kuuskraa and others (1998) reported that many wells have little or 
no water production, indicating an improvement in completion techniques. 

Prior to 1983 wells in the Marcellus Shale were commonly treated with 50,000–80,000 lb sand foam 
fracs, and stimulation in general produced a marginal increase in production. Beginning in the mid 1980s oper-
ators developed a stimulation design of normal to moderately large, single-stage, straight nitrogen or nitrogen-
foam fracs (5–10 MMscf nitrogen) with a moderate amount of sand (2,000–5,000 sacks sand) (Gottschling, 
2007). Nitrogen-foam fracs are commonly applied in shallower shale and shale with low reservoir pressure 
(Sumi, 2008). A more recent design comprises large to massive slickwater fracs with 2,500–20,000 bbl water 
and a moderate volume of sand (2,000–5,000 sacks of silica or quartz sand) at a pumping rate of 30 to 100 bbl 
per minute and a low pressure (Gottschling, 2007). Horizontal wells may involve as much as 95,000 bbl water 
(Arthur and others, 2009). Additives include friction reducer (KCl or petroleum distillate), biocide (glutaralde-
hyde), oxygen scavenger (ammonium bisulfide) or stabilizer (N,n-dimethyl formamide) to prevent corrosion 
of metal pipes, surfactant, scale inhibitor (ethylene glycol), HCl acid to remove drilling-mud damage near the 
borehole, breaker (sodium chloride), gel (guar gum or hydroxyethyl cellulose), and iron controller (2-hydroxy 
1, 2, 3-propanetricaboxylic acid) (Arthur and others, 2008a; Sumi, 2008). The exact makeup of the fracture 
fluid varies to meet specific conditions of the well. Slickwater-fracture treatment is more commonly applied 
in deeper, high-pressure shale. A typical slickwater frac in a vertical Marcellus well uses 800,000 gal water 
and 250,000 lb sand (Sumi, 2008). The water is pumped out after fracturing (flow back) by a large electrical 
submersible pump, and about half of the frac fluid remains in the reservoir after initial cleanup (Lyle, 2009). 
Sumi (2008) reported that refrac treatment can use up to 25% more fracture fluid than the original fracture 
stimulation.
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5.1.3 Fracture Barriers

Hydraulic fractures should stay in the gas-shale reservoir and not grow into, or connect with fluids from, 
the formations above and below. Invading water from the bounding formations will impede production unless 
stimulation treatment avoids such connection. Fracture barriers are also necessary to control the height of the 
induced fractures so that stimulation energy is not conducted away from the shale. 

The underlying Viola-Simpson Formations, consisting of 30 ft or more of dense, coarsely crystalline 
to micritic limestone and dolomitic limestone, provide a reliable floor for hydraulic fractures in the Barnett. 
These rocks are not prone to fracture at the gradients required to fracture the shale (Johnston, 2004a); instead, 
they confine individual fractures to the Barnett and maximize their effectiveness during well completion. The 
Viola-Simpson Formations are present only in the northeastern part of the Fort Worth Basin, disappearing 
along an erosional pinch out that trends northwest-southeast through Wise, Tarrant, and Johnson Counties 
(Figures 9 and 11). Beyond this line the Barnett is underlain by the Ellenburger Group. The Ellenburger, 
however, is composed of porous dolomite and limestone with karstic features and is often water-bearing. It 
presents a significant problem of water encroachment although the problem can be solved by horizontal drill-
ing and smaller, multiple fracture treatments (Jarvie and others, 2007). Limestone and shale of the overlying 
Marble Falls Formation serve as a good containment ceiling for hydraulic fractures. The limestone in particu-
lar has a higher fracture threshold than the Barnett and serves as a barrier to stimulation (Jarvie and others, 
2007). But the Marble Falls pinches out east of Johnson County where it is replaced by the Bend Formation 
(Figures 9 and 11). Porous sandstone and conglomerate of the Bend (itself a gas reservoir in areas of the Fort 
Worth Basin) also pose difficulties related to water encroachment. A high value of total dissolved salts in any 
produced water would indicate the presence of water encroachment from below or above the Barnett.

The only water-bearing units stratigraphically close to the Marcellus are the porous Oriskany Sandstone 
and possibly the fractured Huntersville Chert. Where present, the intervening Onondaga Limestone (up to 
200 ft thick) and the Selinsgrove Limestone tongue can adequately isolate Oriskany formation water from the 
Marcellus (Figures 35 and 36). The Onondaga occurs across much of the play—in the western half of West 
Virginia, southwestern to northeastern Pennsylvania, and southern New York (Dennison, 1961; Van Tyne, 
1996). The Selinsgrove occurs directly beneath the Marcellus in central Pennsylvania. The Onondaga and 
Selinsgrove Limestones, however, are absent in eastern West Virginia (no barrier). Gottschling (2007) main-
tained that the Huntersville Chert was also a good fracture barrier to isolate formation water, but his conclu-
sion is debatable. The Huntersville Chert is quite porous due to an extensive fracture network (Flaherty, 1996) 
and may itself contribute water to the Marcellus. It extends north-south through western Pennsylvania and 
central West Virginia with a maximum thickness of 250 ft. In the northern part of this area, the Huntersville is 
frequently separated from the Marcellus by a thin tongue of Onondaga Limestone (a fracture barrier); how-
ever, to the south in West Virginia the Huntersville frequently lies directly beneath the Marcellus (no barrier) 
(Dennison, 1961; Flaherty, 1996). Lastly, the Oriskany was removed by erosion at the Taghanic unconformity 
through wide areas of western Pennsylvania and New York (Harper and Patchen, 1996), and where absent 
there should be no problem of water encroachment from below.

Limestones in the Middle Devonian section appear to have a higher fracture threshold than the 
Marcellus Shale (Lash, 2008), and with proper stimulation design they should serve as a fracture barrier 
during well treatment. These rocks are not prone to fracture at the gradients required to fracture the shale; 
instead, they may confine individual fractures to the Marcellus and maximize their effectiveness during well 
completion. Thus, fracture-containment units exist immediately below the Marcellus (Onondaga Limestone 
and Selinsgrove Limestone), between lower and upper members of the Marcellus (Cherry Valley and Purcell 
Members), and above the Marcellus (Tully Limestone and limestones of the Mahantango Formation)  
(Figure 35). Isopach maps of these several units are provided by Dennison (1961), Van Tyne (1996), 
Wrightstone (2008), and Boyce (2009). The Tully, though, lies from 100 to 1,700 ft above the Marcellus (the 
thickness of the intervening Mahantango Formation; Wrightstone, 2008), and as such, its value as a fracture 
barrier may be very limited. Engelder (2008a) noted that fracture height in black shale is restricted by thick 
interbeds of siltstone, and perhaps siltstone members of the Mahantango Formation can instead serve as an 
overlying fracture barrier. In contrast, fractures can extend upward from black shale into overlying gray shale 
for a considerable distance (Engelder, 2008a). 

The presence or absence of lithological barriers that facilitate a large fracture treatment plays a major role 
in assessing both gas-shale plays. The standard suite of well logs (Table 6) will identify the rock type above 
and below (sandstone, shale, or carbonate), and the dipole sonic log can be used to calculate rock properties, 
including fracture gradients in the surrounding formations, from which the engineer can model the reaction 
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of stimulated fractures when they hit the floor and ceiling rocks (Johnston, 2004a). Underlying and overlying 
formations may contain anisotropies (such as natural fractures, faults, vugs, and karst elements) that conduct 
stimulation energy away from the shale (Jarvie and others, 2007). Standard well logs cannot always discover 
these features; however, electrical images can aid in locating troublesome water-bearing features . 3D-seismic 
analysis can also locate faults that may serve as a water conduit, and the operator may be able to cement the 
production casing and not perforate near a fault (Givens and Zhao, 2009).

5.1.4 Fracture Geometry and Fracture Mapping

A very large total surface area of the hydraulic fractures must be created by stimulation, and an under-
standing of the exact fracture geometry provides insight into reservoir depletion dynamics and can help 
optimize reservoir management. Because modeling has shown that fractures drain only a small surrounding 
area (Fisher and others, 2002; Johnston, 2004b), large and wide fairways must be established between the 
hydraulically created fractures and natural fractures. Natural fractures in the Appalachian black shales have a 
typical spacing of 1.5 to 6 ft (Avary and Lewis, 2008; Engelder, 2008a), suggesting that gas flows just a few 
feet through the shale matrix to a natural fracture (Figure 40). Fracture mapping in the Barnett indicates that 
a very complex fairway is generated during stimulation (rather than a single bi-wing planar crack) with many 
fractures in multiple orientations (Figure 54) (Fisher and others, 2002). Johnston (2004a) suggested that a fair-
way’s shape varies from square to rectangular, and stimulated wells within 1,500–2,000 ft interfere with one 
another (Givens and Zhao, 2009). Natural fractures in the Barnett Shale (strike 330–350°) are oriented roughly 
perpendicular to the hydraulic fractures (strike 45–80°) and may be opened by fracture stimulation. Gale and 
others (2007) noted that reactivation of natural fractures during fracture stimulation improves the efficiency of 
treatment. The density of fractures within the fairway is also important: additional wells can be drilled in less 
densely fractured areas, and refracture stimulation may either create more densely populated fractures within 
the fairway or extend the fairway itself (Fisher and others, 2002). 

Fisher and others (2002) discussed the techniques of fracture mapping in the Barnett Shale. Surface tilt 
meters detect change in the gradient of displacement of the ground surface caused by hydraulic fracturing at 
depth (Figure 55). Surface deformation also indicates the volume percent of treatment fluid placed in each 
orientation when fractures grow in several planes (Figure 56). Down-hole tilt meters placed in an offsetting 
wellbore determine the fracture dimensions (Figure 55). For example, the tilt-meter map in Figure 56 shows 
a 900-ft-wide fracture fairway (typical range = 400–1,000 ft and of course a wider fairway means better pro-
ductivity), trending 39° and containing 45% of the fracture-fluid volume (each crosstie in Figure 56 represents 
5% of the fluid). Microseismic mapping, also based on instruments placed in offsetting wellbores, depicts the 
location and orientation of microseisms in the reservoir resulting from hydraulic fracture (Figure 57). As treat-
ment proceeds, a map of microseisms develops which provides fracture azimuth and dimensions. Analysis of 
microseismic data (Figure 58) provides the azimuth of hydraulic and natural fractures, the order in which they 
are created, and an estimate of total fracture-segment length of all mapped fractures (more than 25,000 ft in 
many treatments). Several nearby wells were affected (killed) by the stimulation, giving physical evidence of 
the geometry of the fracture fairway. Fisher and others (2002) showed a fracture fairway in the lower Barnett 

Table 6.  Types of well logs and the geological characteristics measured by each1.

Log type Characteristic measured

Resistivity Bound water volume, both clay and pores 
Density Minerals and fluids content measurements 
Neutron Clay and gas content measurements 
Sonic Clay and gas content measurements
Gamma ray Clay and organic material volume
Electrical images Identify/quantify natural and drilling-induced fractures, pyrite, 

calcite nodules, and other geologic features 
Spectroscopy Organic carbon content, clay and carbonate minerals 

1 From Johnson (2004a).
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Figure 54.  Complexity of hydraulic-fracture fairways. 
Modified from Fisher and others, 2002.

Figure 55.  Deformation patterns from hydraulic 
fractures detected by tiltmeters. Modified from Fisher 
and others, 2002.

Figure 56.  Plan view of study area 
showing orientation of Barnett fracture 
fairway and fracture volume in the  
various fracture planes. Modified from 
Fisher and others, 2002.

Figure 57.  Microseism event location. Modified from 
Fisher and others, 2002.
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member with a fairway half-length of 2,500 ft (typical range = 1,500–3,000 ft); the integrated fracture geom-
etry extends from the underlying Viola Formation up to the top of the middle Forestburg Member. Hydraulic 
fracturing in the Marcellus is thought to create a comparable fairway of induced fractures (Engelder, 2008a), 
and computer simulation suggests that induced fractures there may have a width of 0.1 in and reach a length of 
2,500 ft (Figure 59) (Arthur and others 2008a). The map in Figure 60 shows results from microseismic analy-
sis of seven fracture treatments in the Barnett. Holes in the fracture fairway represent either a lack of fractures 
or the presence of rock types that are microseismically aseismic. Other conclusions include the following. 
Fracture fairway length is longer for an individual stage treatment (lower or upper Barnett) than for combined 
fracture stimulation. Well productivity is not greatly influenced by conventional fracture half-length; in fact, 
Fisher and others (2002) discovered that the fracture half-length stops growing before the end of the treatment. 
In contrast, well productivity and drainage patterns correlate better with the width and the total length (that is, 
geometry complexity) of the fracture fairway. A larger fracture treatment creates a wider fracture fairway and 
greater surface area, and these have a favorable effect on gas production (greater flow).

Rock strength affects how easily a stratigraphic zone will fracture (Johnston, 2004a and 2004b). For 
example, a zone with an average stress gradient 0.1 psi/ft greater than other zones may not fracture when 
treated with the rest of the formation. The dipole sonic log can determine such variation in stress gradient, and 
analysis of production logs (spinner, gradiometer, and bubble counter) can identify an unfractured zone that 
does not contribute significant production (Schlumberger, 2007). Silica-rich shale behaves in a more brittle 
fashion and fractures easier than clay-rich shale, and these two rocks types can be differentiated on lithologic 
logs (Johnston, 2004b; Jarvie and others, 2007). The highly brittle character of siliceous shale results in a rapid 
transition from zero propagation to almost rupture-crack velocity as load increases by a small amount (Gale 
and others, 2007). Thus, siliceous shale stimulated at the same time as clay-rich shale usually develops a more 
effective fracture fairway. On a larger scale, various sections of a shale reservoir can exhibit a different fractur-
ing gradient and must be stimulated separately (Martineau, 2007). Multi-stage stimulations (as many as 3- to 
4-stage fracs) are thus common, including the isolated stimulation of any zone with higher stress gradient. 
Conversely the stimulation treatment can be focused toward more brittle zones to improve well deliverability. 

Figure 58.  Plan view of fracture-structure plot from 
one treatment showing size and complexity of fracture 
segments. Hydraulic fractures trend NE-SW and natural 
fractures, NW-SE. Modified from Fisher and others, 2002.
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Figure 60.  Plan view of seven fracture treatments 
in one study area illustrates holes in several fracture 
fairways. Modified from Fisher and others, 2002.

Figure 59.  Output of a hydraulic fracture stimulation model, illustrating width profile 
of the fracture (middle) and length (right). Modified from Arthur and others, 2008a.
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5.2 Horizontal Drilling

Horizontal drilling in the Barnett Shale play is in its infancy, having become commonplace only since 
2003. As a consequence, published data concerning drilling/completion techniques and production results are 
generally sparse. 

Horizontal drilling began when drilling expanded into areas with greater risk and to reduce the chance of 
fractures breaking into the water-bearing Ellenburger Group. Horizontal wells can also be drilled beneath the 
Fort Worth metropolitan area and DFW airport. The wells are able to drain several parallel sections of reser-
voir, thus expanding the overall drainage area (Montgomery and others, 2005). By its nature, horizontal drill-
ing increases reservoir exposure to the wellbore, and compared to conventional vertical wells, the EUR can 
be three times as great for a two-fold increase in cost. In addition, where fracture barriers are thin or absent, 
stimulations in horizontal wells tend to remain in the target interval much better than those in vertical wells 
(Montgomery and others, 2005). The drilling/completion technique combines horizontal laterals with multi-
stage fracturing, slickwater treatment, and sand as proppant. While drilling horizontally, a computer guides 
the motorized drill bit using GPS information. Gamma-ray readings are sent continuously to the surface, and 
gases in the cuttings are measured by gas chromatography. The gamma-ray readings and gas analysis allow the 
driller to keep the bit within the pay zone. 

By 2008, 85% of the Barnett wells were being drilled horizontally, turning the well 90° over an interval 
of 500 ft or less (Powell, 2008). The horizontal lateral can reach 5,000 ft although the optimum length is about 
2,500–3,500 ft. Companies have experimented with 4,500-ft laterals (equivalent to 100-acre spacing), 2,500-ft 
laterals (60 acre) and even 30-acre spacing. However, the overlap of fracture treatments on the denser patterns 
(30 acres) could cause a fall of 25% in per-well reserves (Hayden and Pursell, 2005). 

Horizontal wells are stimulated with a low-proppant, water-based hydraulic-fracture treatment pumped at 
a high flow rate. Martineau (2007) reported horizontal wells in the lower Barnett member with laterals ranging 
from 1,000–3,500 ft and treatments with 2,000,000–6,000,000 gal fresh water and 400,000–1,000,000 lb sand. 
The pumping rate ranges from 50 to more than 100 bbl/min. To maximize the rock volume stimulated, wells 
are commonly drilled normal to the expected propagation direction of the hydraulically induced fractures (that 
is, normal to the maximum horizontal stress) (Gale and others, 2007). Hayden and Pursell (2005) compared 
initial potentials of vertical and horizontal wells. Vertical wells drilled between 1999 and 2003 had production 
rates of 700–1,000 Mcfg/d. Horizontal wells drilled between 2002 and 2003 had production rates of 1,600–
2,500 Mcfg/d (Figure 61). The best production results reported by various operators in 2004 were:  789–974 
Mcfg/d for vertical wells and 1,786–2,004 Mcfg/d for horizontal wells. 

Ketter and others (2008) discussed the techniques of fracture stimulation in horizontal wells. Wells with 
shorter laterals require single stimulation, and the casing is uncemented. Fractures, though, are prone to grow 
in such a way that unstimulated gaps remain in the reservoir, meaning a smaller overall fracture area and 
reduced productivity. Wells with greater lateral length require multiple-stage stimulation, and the casing is 
cemented. Problems, though, develop with fracture initiation. The fluid-injection rate is then unable to pump 
the designed proppant concentration, the generated fracture fairway is ineffective, overall fracture-surface area 
smaller, and the well’s productivity reduced. 

Ketter and others (2008) noted that the rock is not homogeneous, and stress anisotropy common to 
layered shale causes problems in initiating artificial fractures (Gottschling, 2007). For example, the state of 
stress along the lateral in one well with a 4-stage stimulation varied from 0.63 to 0.75 psi/ft (Figure 62). Areas 
with low horizontal-stress anisotropy exhibit both longitudinal and transverse hydraulically induced fractures 
on image logs. The fracture system has a shorter fracture length and wider fairway, and the fracture-initiation 
pressure is low. Areas with high horizontal-stress anisotropy exhibit only transverse fractures. The fracture 
fairway is longer and narrower, and fracture-initiation pressure is moderate. Areas of high stress have no frac-
tures. It is difficult to initiate fractures because the fracture-initiation pressure is high. Analysis of the image 
logs allows an operator to select the optimum locations for perforations, avoiding areas of high stress (also 
avoiding faults that extend into water zones).

Ketter and others (2008) also considered the spacing of perforation clusters in the lateral because an opti-
mal spacing can lead to fewer required fracture stages. If the spacing is too close, a stress shadow can restrict 
fracture growth in the middle cluster; fracture growth will then be disproportionately higher in the heel and 
toe. If the spacing of perforation clusters is ideal, fracture growth will be enhanced in the orthogonal direction. 
The optimal cluster spacing to reduce fracture interference is 1.5 times the fracture height (which is typically 
300–400 ft). To reduce the probability of creating multiple, competing fractures, the cluster length should 
be less than 4 times the wellbore diameter (that is, less than 4 ft). If the cluster length is less than 4 times the 
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wellbore diameter, a single dominant fracture is more likely to form. If the cluster length is greater, multiple 
fractures form. The treating rate and treating pressure thus needs to be high to adequately stimulate the forma-
tion. The optimum rate is 2 bbl/min per perforation, and the optimum total-perforation differential pressure is 
500 psi.

Cementing is designed to isolate the annulus between perforation clusters when they are placed at desired 
distances. Cementing enables the creation of independent hydraulic fractures at each perforation cluster. Ketter 
and others (2008) recommended the use of an acid-soluble cement system (acid volume of 1,000–2,000 gal 
per cluster stimulated) in which the cement dissolves within the perforation cluster. Utilizing a cross-linked 
gel and 100-mesh sand in the pad stage of treatment produces fewer and wider dominant fractures, which 
improves the ability to disperse later proppants in the region around the borehole. 

Currently in the Appalachian Basin there are more vertical wells than horizontal, but the future trend is 
toward reversing this ratio. At the end of 2007, 135 vertical wells and 20 horizontals had been drilled, and 
430 vertical wells and 138 horizontals, planned (Lyle, 2009). Horizontal wells result in a reduced level of 
disturbance at the surface, greater exposure of the wellbore to reservoir rock, and higher initial potential and 
estimated ultimate recovery (Figure 63).

The well is usually drilled vertically with air to the kick-off point where the operator switches to an 
inhibited, water-based mud to drill to total depth (TD) (Ghiselin, 2009). Some operators have tried mineral-oil-
based mud for its compatibility with the shale; this mud can also enhance the penetration rate. Others too have 

Figure 61.  Decline curve for horizontal wells from both core and non-core areas. 
Modified from Hayden and Pursell, 2005.

Figure 62.  Horizontal lateral showing measured depths, 
perforation clusters along the top, and variable stress gradients. 
Modified from Ketter and others, 2008.
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experienced a shorter overall drilling time with oil-based mud. Laterals extend for 2,000 to 6,000 ft (Atlas, 
2008; Arthur and others, 2009). Cemented production casing is most commonly used whereby each zone is 
isolated, perforated, and fractured in stages (Ghiselin, 2009). One variation involves an open hole with isola-
tion by mechanical packer in conjunction with fracture-stimulation-initiation sleeve. 

Horizontal wells are generally stimulated in four to eight stages (Figure 64). Arthur and others (2008a) 
presented an example of one stage of a sequenced hydraulic fracture treatment for either a vertical or horizon-
tal well (Table 7). Horizontals, however, require multiple stages to fracture-perforate the Marcellus interval 
because sufficient pressure cannot be maintained to induce fractures over the complete lateral thousands of 
feet in length. Stimulation begins with an acid treatment to clean drilling mud from around the borehole. Acid 
treatment can also initiate the fracturing process. Next is the slickwater pad, a volume of fluid large enough 
to effectively fill the borehole and open the formation with slickwater for friction-reduction purposes. The 
slickwater pad helps to facilitate the flow and placement of the proppant sequences farther into the fracture 
network. Next is the fine-proppant sequence which combines a large volume of water with fine-mesh sand at 
a low concentration. In the ensuing sequences the concentration of fine proppant increases incrementally by 
decreasing the volume of water used. Fine sand is preferred because it is carried deeper into the induced frac-
tures. Next is the coarse-proppant sequences, and finally the well is flushed with fresh water to remove excess 
proppants from the wellbore (Arthur and others, 2008a). 

A simultaneous frac involves two wells that are fractured together. Gottschling (2007) described a simul-
taneous frac in which the wells were 30 ft apart on the well pad and 1000 ft apart at the toe. One was fractured 
in 4 stages and the other in 5 so as to prevent communication between the fracture fairways. These wells 
yielded a significantly higher initial potential than individually fractured offset wells. 

A zipper fracture treatment involves adjacent wells that are fractured alternatively in a back-and-forth pat-
tern, stage by stage (Ghiselin, 2009). This procedure helps to prevent fractures from intersecting one another 
and maximizes borehole contact with the reservoir. 

Lastly, Sumi (2008) stated that problems are encountered drilling through the Hamilton in West Virginia 
and Ohio. Circulation can be lost because of incompetent, fluid-sensitive shale, and the Hamilton may be 
underpressured in these areas.

Figure 63.  Drilling and stimulation of horizontal 
(left) and vertical (right) Marcellus wells. 
Modified from Arthur and others, 2008a.
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Figure 64.  Technological innovations in drilling applied to the Marcellus Shale. 
Modified from Wickstrom and Carter, 2008.

Table 7.  Example of a single stage of a sequenced hydraulic fracture treatment in the Marcellus Shale1.

[%, percent; HCl acid, hydrochloric acid]

Stage
Volume2

(gallons)
Rate3

(gallons per minute)
Fluid type Proppant size

Acid 5,000 500 15% HCl acid none
Pad 100,000 3,000 slickwater none
Prop 0.1 50,000 3,000 slickwater 100 mesh 
Prop 0.3 50,000 3,000 slickwater 100 mesh 
Prop 0.5 40,000  3,000 slickwater 100 mesh
Prop 0.75 40,000 3,000 slickwater 100 mesh
Prop 1 40,000 3,000 slickwater 100 mesh 
Prop 2 30,000 3,000  slickwater 100 mesh
Prop 3 30,000 3,000 slickwater 100 mesh
Prop 0.25 20,000 3,000 slickwater 40/70
Prop 0.5 20,000 3,000 slickwater 40/70
Prop 0.75 20,000 3,000 slickwater 40/70
Prop 1 20,000 3,000 slickwater 40/70
Prop 2 20,000 3,000 slickwater 40/70
Prop 3 20,000 3,000 slickwater 40/70
Prop 4 10,000 3,000 slickwater 40/70
Prop 5 10,000 3,000 slickwater 40/70
Flush4 13,000 3,000 slickwater none

1 From Arthur and others, 2008a.
2 Volumes are presented in gallons (42 gallons = 1 barrel; 5,000 gallons = ~120 barrels).
3 Rates are expressed in gallons per minute (42 gallons per minute = 1 barrel per minute; 500 gallons per minute = ~12 barrels per 

minute).
4 Flush volumes are based on the total volume of open borehole; therefore as each stage is completed, the volume of flush decreases 

as the volume of borehole is decreased.
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5.3 Well Performance

On well logs the organic-rich Barnett Shale displays a high resistivity (matrix and hydrocarbons are 
nonconductive), gamma-ray readings of 150–400 API units, and a mean density of 2.50 g/cc (Kuuskraa and 
others, 1998). Basic data necessary to evaluate its production potential include reservoir thickness, average 
matrix porosity and permeability, fracture footage, and hydrocarbon type. The sonic-neutron log-overlay can 
type the hydrocarbons: crossover of 0–2 porosity units indicates 40° or higher gravity oil, 2–5 porosity units 
indicates condensate and wet gas, 5–10 porosity units indicates wet gas, and 10–15 porosity units indicates dry 
gas with no condensate (Johnston, 2004a).

Initial gas production comes from matrix and fracture porosity. Later, when the formation pressure drops 
below 1,000 psi, long-lived production comes from gas desorption from solid organic matter and kerogen 
(Lancaster and others, 1993; Johnston, 2004a). Initial potential rate generally relates to thermal maturity of the 
organic content and drilling technique:  1 MMcfg/day where Ro = 1.65 in the core area, 100–500 Mcfg/day 
where Ro = 0.8–0.9 outside the core, and 1 MMcfg/day in a horizontal well where Ro = 1.0 outside the core 
(Jarvie and others, 2007). Within the core area, some areas produce better than others, perhaps involving some 
better (though unknown) gas-transmission mechanism or more gas in place (Bowker 2007b). In areas of low 
maturity (the oil window), the gas-flow rate tends to be lower because of lower volumes of generated gas and 
the presence of residual hydrocarbon fluids that occlude pore throats (Jarvie and others, 2007). The transfor-
mation ratio is low (30%), and the only gas generated is oil-associated. Also, where the rock is immature  
(Ro < 1.0), the presence of liquid hydrocarbons leads to a steeper gas-production decline curve and ultimately 
less recoverable gas. These negative characteristics are a function of discontinuous pore throats in immature 
shale or pore-throat constriction by adsorbed hydrocarbon (requiring an elevated energy for gas to break 
through). The presence of C20+ paraffins likewise leads to a much lower gas-flow rate and a lower gas-to-oil 
ratio (GOR; Jarvie and others 2007). The ratio of liquids/gas is 1.5 bbl NGL/MMcfg (Kuuskraa and others, 
1998), but this too depends on the level of thermal maturity and hence varies across the basin. Hayden and 
Purcell (2005) cautioned that some of the Barnett liquids in the oil-gas transition area are retrograde conden-
sates. These liquids would drop out of the gas while still in the reservoir, not at the surface, and adversely 
affect gas production.

The lower Barnett member contributes 75–80% of total production and the upper member, 20–25%. 
All pay zones must be treated for maximum economic return, and perforations typically span 200–300 ft 
(Kuuskraa and others, 1998). If the reservoir sections are not stacked directly on top of one another, the 
completion must be designed with more than one stimulation stage. Perforations should be placed in zones that 
are easiest to break, that is, silica-rich shale with low clay/carbonate content and shale with naturally occurring 
fractures. The resulting induced fractures will have the maximum areal extent and provide more migration 
pathways for the hydrocarbon (Johnston, 2004b).

The first refracture treatment of the lower Barnett occurred in 1998, completing the B.S. Carter Jr. 
No. 4 well a second time (Figure 65). Production curves demonstrate that slickwater refrac of a well initially 
stimulated by slickwater frac may perform substantially better than the original completion. But the increase in 
performance can be even better in the slickwater refrac of a well initially stimulated by massive hydraulic-gel 
frac (Givens and Zhao, 2009. 

Most wells are drilled on 55-acre spacing, and the drainage area is estimated to be 10–30 acres/well 
(Kuuskraa and others, 1998). Operators have noted that some Barnett wells show interference when drilled 
on 27-acre spacing. Givens and Zhao (2009) have recommended that, because of unfavorable interference, 
infill wells with a spacing of 40 acres or less should be drilled only after frac water of nearby wells has been 
produced and some depletion has occurred in the fracture fairway. Horizontal wells are estimated to drain two 
55-acre spacing units, and a range of 10–110 acres/well is used in the USGS assessments of the Barnett Shale 
play (section 3.3.5) (Pollastro, 2007). 

Barnett wells typically have modest gas-flow rates, but they have modest drilling costs so that the rate of 
return is commonly 100% within one year and 65% in non-core areas (Jarvie and others, 2007). At a gas price 
of $6/Mcfg, Hayden and Pursell (2005) estimated that a vertical well would break even economically with a 
minimum peak monthly production of 400–450 Mcfg/d, and a horizontal well with a peak monthly production 
of 650–750 Mcfg/d. EUR (estimated ultimate recovery) ranges from 1.0–3.5 bcfg/well depending on whether 
the well was drilled vertically or horizontally, and a reasonable average is 1.75 bcfg per well. The minimum 
EUR to be considered a successful well is 0.2 bcfg (Pollastro, 2007). Recovery estimates vary from 7–12% 
(Jarvie and others, 2007). The recovery factor may be increased to 12–20% by spacing wells more closely and 
drilling shorter laterals (Hayden and Pursell, 2005). The production decline for a vertical well is 60–65% in 
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the first year, production leveling to 10% in 4–5 yrs. In contrast, the production decline for a horizontal well is 
less steep, 50–55% in the first year (although data are sparse; Hayden and Pursell, 2005).

Kuuskraa and others (1998) characterized the historical drilling results through 1996 as follows.  
(1) Initial wells drilled in the 1980s were completed in 180 ft of shale with small fracture treatments. Matrix 
permeability ranged between 0.002-0.003 millidarcies. Wells drained about 10 acres, and EUR was 0.4–0.5 
bcfg per well. (2) The Stella Young No. 4 well, drilled in 1986, better defined the production potential of the 
Barnett. Permeability was 0.003 millidarcies, the drainage area 30 acres, and the hydraulic half-length 190 
ft. EUR was estimated to be 1.16 bcfg. (3) Wells reflecting the improved completion practices of 1991–1996 
were completed in 230–290 ft of shale with moderate high-conductivity hydraulic fractures. Permeability was 
0.002 millidarcies. Wells drained 11–21 acres, and EUR was 0.8–0.9 bcfg per well. Production performance 
(median initial peak production) from both vertical and horizontal wells decreased notably from a maximum in 
2000. Possible explanations include the Newark East field continuing to mature with reduced well spacing and 
expansion of drilling outside of the core area (Hayden and Pursell, 2005). 

Table 8 illustrates comparative Barnett economics for the core area and Tier 1 and Tier 2 counties  
(see section 3.1) (Hayden and Pursell, 2005).

Reporting requirements in Pennsylvania and New York allow operators extended time periods of 
confidentiality, making it a challenge to monitor activity in the Marcellus play (Wells and Gognat, 2009). 
Furthermore, because of the newness of the play, production records rarely exceed 500 days.

Drilling a vertical well is less costly on a per-well basis, but production is less economical than for hori-
zontals. Furthermore, overall development may require four or more vertical wells compared to one horizon-
tal, or 16 vertical wells compared to one multiwell pad for horizontals (Arthur and others, 2008a). A horizontal 
Marcellus well costs approximately 2–3 times that of a vertical well, but the initial potential can be 3–4 times 
as much (Engelder and Lash, 2008; Sumi, 2008; Arthur and others, 2008b; Durham, 2008; Wells and Gognut, 
2009; Deacon, 2009). Typical costs for a vertical well are $800,000 to $1,300,000 at depths of 3,000-9,000 
ft; and for a horizontal well, $3,000,000 to $4,000,000. Reported initial potential (IP) for a vertical well is 1 
MMcfg/d or less; and for a horizontal well, 1.4–9 MMcfg/d. One horizontal well reported an IP of 9 MMcfg/d 
and was producing 8.8 MMcfg/d after 5 days; another with a reported IP of 6.4 MMcfg/d was producing 4.3 
MMcfg/d after 105 days (Wells and Gognut, 2009). Engelder (2009) cited a median IP of 4.2 MMcfge/d for 

Figure 65.  Production from a Barnett well drilled in 1995, refractured in 1998, and 
perhaps hit in 2003 by stimulation of a nearby well. Modified from Givens and Zhao, 
2009.
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50 horizontal wells in Pennsylvania. The record IP for a horizontal well may be 24.5 MMcfg/d (Wells and 
Gognut, 2009). Estimated ultimate recoveries (EUR) for a vertical well range from 175–350 MMcfg; and for a 
horizontal well, from 0.6 to 3.0 bcfg (Gottschling, 2007; Petzet, 2009; Lyle, 2009). 

The anticipated decline curve for horizontal wells drilled by Chesapeake Energy Corp was depicted by 
Engelder (2009). The initial decline is very steep, following a power-law rate. For example, production should 
decline by 51% over the first 105 days. Analogous to the Barnett Shale, the EUR for a Marcellus well may be 
estimated as 1000 times greater than the 30-day production test (Engelder, 2009).

Recently Atlas (2008) reported using a two-stage fracture design in a vertical well in southwestern 
Pennsylvania. The IP was twice that of a typical one-stage vertical well at an extra cost of $125,000, and the 
decline rate was shallower.

Operators characteristically drill on a spacing of 40–160 acres, 40 acres for vertical wells and 160 acres 
for horizontals (Arthur and others, 2008b). The recovery rate for Marcellus shale-gas is approximately 10%, 
and refracture treatment can add an additional 8–10% (Sumi, 2008; Engelder and Lash, 2008). Zielinski and 
McIver (1982) also determined a 10% rate of recoverable gas from shot wells with 160-acre spacing, noting 
that decreasing the well spacing to 80 acres should double the estimated ultimate recovery. Lyle (2009) 
claimed that the finding-and-development cost for the Marcellus Shale is $1.34/Mcfg. The rate of return for a 
horizontal well is calculated to be 86% at a gas price of $9.30/MMBTU and 70% at $5.00/MMBTU  
(Lyle, 2009). 

5.4 History of the Barnett Shale Play

Barnett exploration and development remain a low-risk, high-reward venture because of steady, long-
term production. There are few truly dry holes, but recovery efficiency is not always good. The challenge in 
producing Barnett Shale gas has always been to obtain sufficient well deliverability from a tight, though natu-
rally fractured reservoir (Johnston, 2004a). To learn more about the shale’s petrophysical properties, Mitchell 
Energy Corp, the principal operator, carried out more and more detailed reservoir-characterization analyses. 
To improve recovery efficiency as drilling expanded across the play, completion techniques were increasingly 
selected to fit specific local conditions. This section of our report summaries the history of the Barnett Shale 
play as undertaken by Mitchell Energy and detailed by Steward (2007).

The discovery well was the C.W. Slay No. 1 in Wise County, drilled in 1981 by Mitchell Energy Corp to 
the Viola Limestone (total depth 7,950 ft). The Viola proved unproductive after acidizing, and the well was 
plugged back. The well was then perforated in the lower Barnett member and acidized with a slight show of 
gas. Mud logging in the Slay No. 1 indicated the presence of gas. In addition, the well logs looked encourag-
ing when compared to the Devonian Shale play of the Appalachian Basin. Stimulation was planned to connect 
with any open fractures. The stimulation used nitrogen, creating a short fracture network (250-ft theoretical 
half-length, TFHL) contained by the Viola below and Forestburg Limestone Member above. The initial poten-
tial was 246 Mcfg/d, and the well began to produce in 1982.

A regional study of the Barnett was hampered by limited deep-well control, the high proportion of older 
wells without modern log suites, little information about thermal maturity and shale permeability, and a lack 
of seismic data. Mitchell Energy Corporation began to deepen development wells in the Bend Conglomerate 

Table 8.  Comparison of gas volumes and costs for Barnett wells in the core area, Tier 1 and Tier 21.

[Mcfg/d, thousand cubic feet of gas per day; Mcfge, million cubic feet of gas equivalent; MMcfg, million cubic feet of 
gas; %, percent; EUR, estimate ultimate reserves; M, thousand]

Core area 
vertical

Tier 1
horizontal 

Tier 2
horizontal

Peak monthly production (Mcfg/d) 650 1,520 900 
Year one decline 61% 53% 53%
EUR (MMcfg) 733 2,356 1,395 
Well cost ($M) 1,000 2,000 1,500
F&D cost ($/Mcfge) $1.71 $1.06 $1.34

1 From Hayden and Pursell (2005).
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to gain additional information concerning the Barnett. The geological hypothesis was that Barnett success 
would be tied to finding open natural fractures, especially in areas of faulting and flexures and associated with 
structural highs. Core data was used to evaluate fluid sensitivity for the completion design, compare rock 
mineralogy and porosity to open-hole log response, and measure permeability. As more wells were drilled, 
transient-test analysis of pressure buildup and drawdown were performed. The Newark East field was named 
as a new field discovery in 1982.

Production rate of the Slay No. 1, after cleanup, was 120 Mcfg/d in June 1982. The next year the well 
was re-perforated and refractured with CO2 foam, having a TFHL of 500 ft. Production jumped to 274 Mcfg/d, 
but completion costs were judged to be prohibitive. Two other wells were drilled and cored, but there the 
Barnett was underlain by the Ellenburger Group. Cores showed a permeability of 0.0009–0.008 millidarcies. 
The wells were fractured with CO2 foam, but the produced gas was contaminated with CO2. Engineers then 
experimented with nitrogen foam and nitrogen-assisted gelled water fracture. The W.D. Johnson No. B-1 well 
had a strong show of gas that required a mud weight of 12.5 lb/gal (the Barnett was frequently drilled with 9.7 
lb/gal mud), and a safe drilling rate of 1–2 min/ft was established. 

The W.C. Young No. 2 well was cored continuously from the base of the Forestburg Limestone Member 
through the lower Barnett, Viola, and into the Ellenburger. Core analysis showed the following:  TOC 1.0–
8.0% with an average of 4.5; thermal maturity Ro 1.4; and porosity approximately 3.7% (coring allowed the 
density-log response to be correlated with true rock porosity). High-porosity intervals also had the highest 
TOC with only minor volumes of carbonate cement. The shale was highly indurated, with a clay content of 
20–54% (illite, chlorite, mixed-layer varieties) and quartz content of 28–47% (detrital silt, siliceous cement, 
diagenetically altered radiolarian ooze). The Barnett contained some lenses of limestone and dolomite, and 
pyrite, apatite, and feldspar occurred in trace amounts. Surprisingly the natural fractures were completely 
healed (open fractures were judged to be drilling induced). One fracture system had an azimuth of north and 
another, northwest.

Next, wells were drilled with nitrogen-assisted gelled fracture stimulation and 500-ft, 750-ft, and 1,500-
ft TFHLs. Initial potentials were reported to be 730–1,100 Mcfg/d. Larger stimulation design did not always 
result in a consistent, stepwise increase in production, and the completion costs prevented TFHL designs of 
greater than 1,500 ft. 

The I.M. Peek No. 2 well (drilled in 1983) encountered a relatively thin section of Barnett (243 ft) with 
low porosity, poor to no gas shows, and directly overlying the Ellenburger. This failure emphasized the need 
for new regional seismic data. When acquired, these data showed that the Peek No. 2 had been drilled on the 
upthrown side of the Rhome/Newark fault (down-to-the-north normal). The H.A. Smith No. 1 well (1985) 
expanded the play into Denton County where the Barnett was thicker and deeper. The rock contained healed 
fractures and was quite calcareous. Although gas shows were poor and the log and core porosities low, the well 
was perforated and fractured and began to produce with an acceptable 700 Mcfg/d. Based on seismic data, 
the J.R. Witt No. A-4 in Wise County was drilled directly over a large fault, expecting open natural fractures. 
Fracturing, in fact, was substantial with apertures almost 0.25 in, but they were all mineralized. The comple-
tion encountered high fracture gradients and fracture pressures, and the fracture job was terminated (and the 
Barnett produces essentially nothing without stimulation). The best producers were in structurally uncompli-
cated areas with low dip, and Mitchell Energy generally chose to stay 2,000 ft away from known major faults. 
Successful Barnett wells, in the depth range of 6,500 ft or more, were measuring formation pressure gradients 
of 0.44–0.50 psi/ft, resulting in reservoir pressures in excess of 3,000 psi. 

Seismic data from 1983–1986 showed the existence of pronounced regional fault systems, such as 
Mineral Wells and Rhome-Newark, generally en echelon, vertical, and down to the north. At this time, too, 
Mitchell Energy realized that the presence of the underlying Viola Limestone played a role in Barnett success, 
and regional mapping identified the Viola pinch-out line. The company defined the technical parameters for 
the better producers:

• thickness of the lower Barnett Shale greater than 230 ft,

• greater than 100 ft of 3% porosity and porosity-thickness greater than 4.0 ft,

• formation pressure gradient from 10-day test greater than 0.43 psi/ft,

• current sub-sea depth below 6,000 ft, and 

• wells located 5,000 ft from known major faults. 
Every one of these requirements eventually proved to be mistaken. 
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Barnett wells appeared to follow a hyperbolic decline curve for two or three years, then change to an 
exponential decline. Data suggested that a well with initial potential of 900–1,200 Mcfg/d would be expected 
to produce approximately 1.0 bcfg in a 25-year life. The only way to improve these economics was to improve 
initial rates for the hyperbolic or exponential flow periods or to decrease costs. Mitchell’s economics in the 
early 1990s were: with a gas price of $3.50 MMBTU and completed well cost of $700,000, the payout volume 
would be 350 MMcfg. By 1997 a core area of production was established in Wise and Denton Counties. The 
area south of the Rhome-Newark fault zone was thought to have potential, especially with future technologi-
cal advances or drastic reductions in well costs. The area north of the Mineral Wells fault zone and west of the 
Viola pinchout showed little promise of becoming commercial.

In 1990 Mitchell Energy teamed with the Gas Research Institute to address the following projects:  res-
ervoir and production modeling, reservoir characterization, induced-fracture analysis and design, rock proper-
ties, gas-in-place analysis, natural- and induced-fracture orientation, application of horizontal drilling to the 
shale, and refracturing of Barnett producers. Average rock porosity was estimated to be 4.5%, and water satu-
ration, 30–40%. The Barnett was shown to contain free gas, indicating that the adsorbed gas was at its sorptive 
capacity for any given TOC content and reservoir pressure. Gas-in-place was 82 MMcfg/ac (53.2 bcfg/sq mi) 
for the lower Barnett member at 3,800 psi bottom-hole pressure and 175°F bottom-hole temperature. Twenty-
one percent of the gas was adsorbed. A single set of natural fractures existed (determined from cores and imag-
ery logs) striking 114°. Drilling induced and open-hole stress-test fractures had a strike of 54–60°. The natural 
fractures encountered were of very limited size, and the drainage volumes depended almost entirely on the size 
of the induced fracture. Most areas had very few natural-fracture networks contributing to well production.

It was thought that the drainage pattern for each well was elliptical with a major axis of 3,000 ft. If drill-
ing on an 80-acre unit, 8 wells with a EUR of 1 bcfg would produce 8.0 bcfg/sq mi at a recovery efficiency 
of 16%. Lower Barnett wells with 1,500-ft TFHL gel fracs and a total depth of 7,000–8,000 ft cost from 
$750,000–$950,000, and the stimulation cost initially accounted for approximately $350,000–$450,000. 

2-D and 3-D seismic analyses in the early 1990s identified fault/karst compartments in the area, with 
fewer karst features where the Viola (as opposed to the Ellenburger) is present at the underlying unconformity. 
Seismic data also identified small, localized faults and karst chimneys (about one per sq mi and 20–200 ac 
in size) that extend up through the stratigraphic section from the unconformity to the Atoka (Bend). Wells 
drilled within 300–500 ft of a fault had significantly lower frac-stimulation success. The Forestburg Limestone 
Member acted as the upper barrier.

Dual completions provided a significantly higher initial rate from a wellbore by having production from 
two different formations, and the Barnett’s extremely long life almost required a dual completion (rather than 
delaying uphole completion). To reduce the cost of completion, engineers experimented with different fracture 
treatments. Eventually they settled on slickwater fracs (or light sand frac), suited for low-permeability rock 
where fracture aperture is less important than size of the induced-fracture network. Sand in very low concen-
trations was used not so much as a proppant, but to scour the fault surface, and the frac fluid was water with 
surfactants (the shale is not sensitive to water). Initial results were positive (70–146 MMcfg per well in the 
first year of production). A well’s cost was reduced by $200,000. Reduced costs allowed a follow-up well to 
be completed in the lower and upper members in combination (perforate both zones and pump one slickwater 
stimulation). In areas with a lower Viola barrier, slickwater fracs performed comparably to hydraulic-gel fracs 
at a fraction of the completion cost. Furthermore, slickwater fracs were interfering with older wells, not just 
in the direction of the induced fractures (45–55°), but in every direction. More importantly, such interference 
improved production in the hit well by 200–800 Mcfg/d at essentially no cost. 

An upper barrier for fracture stimulation of 100 ft of Forestburg Limestone yielded good producers, and 
30–50 ft of limestone was needed for lower fracture containment. Tight, dense, unfractured limestone had 
the highest fracture integrity, whereas shaly, porous or fractured limestone tended to fail. In 1999 the upper 
Barnett member became a target, and wells were routinely fracture-stimulated in both lower and upper mem-
bers where the Forestburg Limestone member was a questionable barrier. Where the Forestburg is a known 
excellent barrier, a two-stage completion technique was used. The drilling program at this time averaged 
1.021 MMcfg/d per well. At about the same time Mitchell Energy began to refracture wells producing in both 
members. Refracs seemed to work best with understimulated wells and high cumulative production, generally 
with greater than 0.4 bcfg. Refracs were done using a single stage with lower and upper members combined. 
Results varied considerably, but it was not unusual for a reworked well to perform substantially better than 
after the original completion.

In 1998 an effort was made to reevaluate gas-in-place and recovery efficiency (by way of test wells, con-
ventional cores, pressure cores, and gas recovery). Average porosity was closer to 4.5% (previously thought 
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3.7%) and water saturation, 25% (down from 50–60%), and a direct correlation was found between adsorbed 
gas to TOC. Gas-in-place was now calculated to be 145± bcfg/sq mi, and the recovery efficiency was 6%. 

Changes were next made in infill drilling. Wells were drilled on 100-acre spacing and as close as 30 acres 
(more closely packed wells tended to be poorer producers) and within 3 months of each other on a 1,000-acre 
lease. Production averaged 1.050 MMcfg/d. Tiltmeter mapping and microseismic analysis demonstrated a den-
dritic induced-fracture fairway with elliptical or rectangular geometry oriented 40–60°. Water fracs were seen 
to break down existing healed fractures (with a northwest orientation), and the Viola, Forestburg, and Marble 
Falls Limestones were shown to be effective fracture barriers. Fracture monitoring proved quite successful, 
and 55-acre spacing seemed best. Wells that are fractured close together in time and space appear to share 
induced-fracture fairways unless a stress shadow exists with the pre-existing fracs. Also, in areas of multiple, 
closely spaced, large fracture stimulations, artificial lift can significantly improve the elimination of frac fluids 
from the fracture fairway (by assisting flow back and cleanup of the fracture), thereby improving long-term 
performance.

In the Wesley Ballman No. 3 well (drilled in 1985), the Barnett had a thermal maturity of Ro = 1.3, seem-
ingly transitional between oil and gas and nonprospective. In several other wells, Ro measured in core proved 
to be 0.15 greater than in cuttings. Mapping of BTU content of gas in shallow reservoirs was found to be a 
useful tool to estimate the thermal maturity of the deeper Barnett (source of the shallow gas). Simultaneously 
it was realized that many early Barnett failures were due to a lack of fracture containment, rather than insuf-
ficient thermal maturity. The Anna Woody No. 5 well (drilled in 2000), where Ro = 1.4–1.5, produced 206 
MMcfg and 10,600 barrels of condensate in its first year. The Hanna Khraish No. 1 well was drilled in the 
deepest part of the basin, and the expected Ro was 2.0; however analysis of cuttings showed that Ro = 1.2–1.3. 
Another Barnett test showed the presence of native copper. The thermal maturity and burial history of the 
Barnett were now re-evaluated, concluding that hydrothermal brines emanating from the Ouachita Thrust front 
significantly raised the temperature of the Barnett. Other faults in Wise County acted to reduce hydrothermal 
flow and produce lower paleotemperatures. Additional drilling indicated that in some areas the lower Barnett is 
in the rich gas window and the upper Barnett, in the oil window. Where the intervening Forestburg Limestone 
Member is thick, the thermal maturity of the upper shale can be significantly reduced.

In 2000–2001 engineers experimented with new techniques to improve drilling success in areas where the 
Viola had poor integrity as a fracture barrier: drill to just above the Viola, fracture the Barnett in uncemented 
casing, prefrac the Viola to create a stress shadow, break down the Viola and inject cement to increase the 
frac gradient near the well-bore, utilize natural cavitation in uncemented casing in an attempt to reduce the 
Barnett fracture gradient, reduce pumping rates, and use silica flour or 100 mesh sand slugs as fracture divert-
ers. The technique produced better success than conventional slickwater fracs, though only 60% success. The 
Waggoner No. C-12 was re-entered in 2001, a cement plug spotted from TD up through the Viola (isolating a 
wet porous interval) and across the bottom half of the lower Barnett Shale. The top half of the lower Barnett 
was thus cased but uncemented. The lower Barnett was then fracture-stimulated using 100–mesh sand as a 
diverter, and the upper Barnett was completed conventionally. The well produced at a rate of 660 MMcfg and 
35 bbls condensate per day.

Initial interest in horizontal drilling was for use in areas beyond the Viola pinch out where a bottom frac-
ture barrier was absent. In 1997 the L.B. Wilson GU No. 1 was drilled horizontally to the southeast, perpendic-
ular to the induced-fracture direction, and the nearby L.B. Wilson GU No. 2 to the southwest. The wells were 
designed to have 1,700-ft and 2,700-ft laterals respectively, with targets in the upper third of the lower Barnett. 
A heel frac was also planned for the Wilson GU No. 1. The measured depth in the No. 1 well was 8,628 ft, and 
it was completed with 4.5-inch cemented production casing (cemented because of shale plugging problems 
in other wells). The first stage of stimulation was pumped with minimal problems, but the second and third 
stages encountered high treating pressures and very little fluid was pumped. A 1,500-ft interval was perforated, 
but only the toe perforations were effectively stimulated. Initial rate of production was 700 Mcfg/d, and after 
frac-fluid cleanup it was a nearly water-free completion. All indications were that the stimulation stayed in 
zone. The production decline showed a much lower rate than in conventional, vertical wells. The offset well 
L.B. Wilson GU No. 2, drilled parallel to the direction of induced fractures (southwest), seemed not to perform 
as well (initial potential rate 463 Mcfg/d). Costs were approximately three times that of a vertical Barnett 
completion. Mitchell Energy then experimented unsuccessfully with slim-hole (4.5 to 5 in casing), short-radius 
(drilling the curve over an interval of 150 ft) techniques.

Republic Energy Inc. drilled a west-to-east horizontal well in Parker County (not directed perpendicular 
to the assumed induced-fracture direction because seismic analysis detected a fault and karst chimney). The 
well was drilled with a 2,200-ft lateral and stimulated with Halliburton SurgiFrac using high-velocity water 
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injection to fracture the area adjacent to the perforations. This technique allowed the operator to perform a 
large number of fracs along the lateral, one at a time, giving better control over placement and fracture-height 
growth. The well was treated with 10 separate stages of 75,000 gal water per stage, one third to one fourth of 
what most operators were using at the time. Initial potential rate was 1.3+ MMcfg/d. 

For the years 2001–2002, new Barnett wells (total of 384) had an average initial potential rate of  
1 MMcfg/d, including exploration and infill wells. The average rework production rate was 700 Mcfg/d (an 
increase of 500 Mcfg/d). Although drilling and completion costs were rising, they were more than offset by 
higher gas prices and better well performance, thereby resulting in excellent profitability. Mitchell Energy 
merged with Devon Corporation in January 2002. Devon immediately drilled five horizontal wells that out-
performed anything previously seen in the Barnett play:  initial rates of 2.5–3.5 MMcfg/d (even in areas with 
a weak or no Viola lower frac barrier). Devon experimented with a number of completion techniques and frac 
sizes from 2.5–4.5 million gal water, and laterals from 2,000–2,500 ft in length. Devon learned that faults 
or karst near a well bore could act as a thief zone for frac fluids or a conduit to the Viola or Ellenburger. 3-D 
seismic data were needed to assess structural problems. Frac mapping by use of microseismic analysis proved 
critical in gaining insight into fracture breakout. Devon began drilling horizontal wells in areas with developed 
vertical completions, giving a net density of 20 acres, and other operators spaced horizontals at 500 ft, a resul-
tant density of 40 acres.

From 2003, when there was a major increase in horizontal drilling, through 2006, vertical wells had an 
average annual production of 195 MMcfg and horizontals, 390 MMcfg. By June 2006 operators completed 
6,200 wells in the Barnett Shale, 1,800 of which were horizontals. Barnett completions covered more than 
8,000 square miles in 17 counties of northern Texas.

6.0 COMPARISON OF BARNETT AND MARCELLUS SHALES
Our conclusions compare significant geological characteristics of the Barnett and Marcellus Shales as 

well as successful engineering techniques used in the drilling and stimulation of shale wells (Table 9).

Table 9.  Comparison of Barnett and Marcellus Shales.—Continued

Barnett Marcellus

Location 15 counties of north-central Texas. Extends from New York through Pennsylvania 
to West Virginia and westward from  
Maryland to Ohio.

Play size and 
reserves

9,000 sq mi, core area 1,800 sq mi. Estimated 39 
tcfg of undiscovered, technically recoverable gas.

75,000 sq mi, core area 53,000 sq mi.  
Estimated 50 tcfg of undiscovered,  
technically recoverable gas.

Formation  
thickness  
and age

50–1,000 ft, typically 150–600 ft. Upper  
Mississippian.

50–660 ft, typically 50–260 ft. Middle  
Devonian.

Stratigraphy Bend Formation
Marble Falls Formation
Barnett Shale—upper shale member
    Forestburg Limestone Member
    lower shale member
Chappel Limestone
Viola-Simpson Formations
Ellenburger Group

Tully Limestone
Mahantango Formation
Marcellus Shale—Oatka Creek Shale Member
    Purcell Limestone Member
    Cherry Valley Limestone Member
    Union Springs Member
Tioga Ash
Onondaga Limestone/Huntersville Chert/ 

Needmore Shale
Oriskany Sandstone

Lithology Dense, organic-rich, siliceous, thin-bedded, petrolif-
erous, fossiliferous shale and hard, black, finely 
crystalline, petroliferous, fossiliferous limestone. 
Silica-rich shale behaves in a more brittle fashion 
and fractures easier than clay-rich shales, re-
sponding well to stimulation.

Splintery, soft to moderately soft, gray to 
brownish black to black, carbonaceous, 
highly radioactive shale with beds of lime-
stone and carbonate concretions. Silica-rich 
and organic-rich shales behave in a more 
brittle fashion and fracture easier than clay-
rich shales, responding well to stimulation.
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Table 9.  Comparison of Barnett and Marcellus Shales.—Continued

Barnett Marcellus

Mineral  
composition

35–50% quartz, 27% illite with minor smectite, 
8–19% calcite and dolomite, 7% feldspars, 5% 
organic matter, 5% pyrite, 3% siderite, and traces 
of native copper and phosphate material.

27–31% quartz, 9–34% illite, 1–7% mixed-
layer clays, 0–4% chlorite, 3–48% calcite, 
0–10% dolomite, 0–4% sodium feldspar, 
5–13% pyrite, and 0–6% gypsum.

Basin Asymmetrical foreland basin bounded by prominent 
thrust belt, structural arches, and Precambrian 
uplift.

Asymmetrical foreland basin bounded by 
prominent thrust belt, structural arches, and 
Precambrian uplift.

Influential  
geological  
structures

Ouachita Thrust front, Mineral Wells and Newark 
East faults, local faults overlying Ellenburger 
karst surface, and natural fractures.

Rome Trough, two sets of planar systematic 
joints (J1 and J2), weak zones of basement 
rock which localized the position of the 
forebulge, and low-amplitude folds with as-
sociated fractures.

Depositional  
environment

Deep-water basin with poor circulation, stratified 
water column, and anoxic bottom water; marine 
upwelling contributed to algal blooms; water 
depth perhaps 500–650 ft.

Deep-water basin with poor circulation, 
stratified water column, and anoxic bottom 
water; marine upwelling contributed to algal 
blooms; water depth perhaps 300–1,000 ft.

Drilling depth 4,000–8,500 ft. 2,000–10,000 ft.

Organic carbon  
content

TOC = 2–6%, type II kerogen with minor admixture 
of type III.

TOC = 1–10%, primarily type II kerogen with 
a mixture of type III.

Thermal  
maturity

Ro ≥ 1.2 (maximum 1.9) or Tmax ≥ 465°C in the 
core area of dry gas; maturity related to burial 
depth and to hydrothermal heating around deep-
seated faults; thermal-maturity boundary (and 
hence potential gas production) based on chemi-
cal assessment may extend farther westward 
in the basin compared to assessment made by 
vitrinite reflectance.

Ro ≥ 1.60 (maximum 3.5) or CAI ≥ 3 or TAI ≥ 
5 or Tmax ≥ 470°C in the core area of dry 
gas; maturity related to burial depth and to 
high heat flow over deep-seated faults; Ro 
and TAI values may be suppressed meaning 
that the mapped area of dry gas would shift 
to the west some considerable distance.

Reservoir  
characteristics

φ = 3–6%, k = microdarcies to nanodarcies,  
Sw = 25% but no free water, Sg = 75%. Gas is 
stored within interstitial pores and microfractures, 
and also it is adsorbed onto solid organic mat-
ter and kerogen (20–60%). The generation of 
hydrocarbons produced microfractures in the 
shale as well as a slight overpressuring (0.52 psi/
ft); however microfractures have subsequently 
been healed by residual oil and pyrobitumen. At 
a subsurface pressure of 4,000 psi, 80% of the 
Barnett gas is free and stored in open pores, but 
below 1,000 psi desorption of methane can play 
an important role in gas production.

φ = 6%, k = microdarcies to nanodarcies, 
Sw = 30% but no free water, Sg = 70%. 
Reservoir pressure = 3,000–4,000 psi, 
overpressured (0.51 psi/ft) in some areas but 
underpressured (0.10–0.35 psi/ft) in others. 
Gas is stored within interstitial pores and 
microfractures, and also it adsorbed onto 
solid organic matter and kerogen (20–85%). 
The generation of hydrocarbons produced 
the pervasive joints.

Generation of  
hydrocarbon

Gas in place (GIP) is a function of organic richness, 
thermal maturity, volume of oil cracked to 
gas, and formation thickness. Estimated to be 
140–200 bcfg/sq mi or 170–350 scfg/t. Transfor-
mation ratio (conversion of kerogen) ranges from 
36 to 93% depending on the rock’s maturity (im-
mature to post mature). 20–60% of the generated 
hydrocarbons were lost by migration.

Gas in place (GIP) is a function of organic 
richness, thermal maturity, and formation 
thickness. Estimated to be 30–150 bcfg/
sq mi or 60–100 scfg/t. The volume of 
adsorbed gas decreases eastward with an in-
creasing quartz content. Transformation ratio 
ranges to over 90% (post mature). Perhaps 
54% or more of the generated hydrocarbons 
were lost by migration.

Delineation of 
play

Core area defined by Ro ≥ 1.1 and presence of 
underlying and overlying frac barriers  
(Viola-Simpson and Marble Falls Formations).  
Play defined by limit of shale to the east and 
north and a minimum thickness of 100 ft to the 
west.

Core area defined by Ro ≥ 1.6, presence of un-
derlying frac barrier (Onondaga Limestone), 
and minimum thickness of 50 ft.  
Play defined by limit of the shale.
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Table 9.  Comparison of Barnett and Marcellus Shales.—Continued

Barnett Marcellus

Fracture  
stimulation

A typical slickwater frac consists of 500,000–
6,000,000 gal fresh water (higher volumes in 
horizontal wells), 80,000–1,000,000 lb sand 
proppant (greater weights in horizontal wells), 
and pumping rate of 50–100 bbl/min. Lower and 
upper shale members of the Barnett are treated 
either in combination or individually. Refracture 
stimulation is accomplished after several years. 
Geometrically complex fairways are generated 
by stimulation, square to rectangular in shape, 
1,500–3,000 ft long, and 400–1,000 ft wide. The 
Viola-Simpson Formations have a higher fracture 
gradient than the Barnett and serve as a fracture 
barrier to water in the underlying Ellenburger 
Group. Likewise the Marble Falls Formation 
prevents water encroachment from the overlying 
Bend Formation. The middle Forestburg  
Limestone Member may also serve as a frac bar-
rier, effectively separating the upper and lower 
shale members. Where frac barriers are absent, 
wells are drilled horizontally and with smaller, 
multiple treatments. 

A typical slickwater frac consists of 100,000–
850,000 to as much as 4,000,000 gal 
water (higher volumes in horizontal wells), 
250,000–750,000 lbs sand proppant, and 
pumping rate of 30–100 bbl/min. Artificial-
fracture fairways may reach a length of 
2,500 ft. Underlying frac barriers include 
the Onondaga Limestone and Selinsgrove 
Limestone tongue. Possible fracture barriers 
above are the Tully Limestone and siltstone 
and limestone members of the Mahantango 
Formation. The Purcell Limestone and 
Cherry Valley Limestone Members may also 
serve as a frac barrier within the formation.

Horizontal 
drilling

Wells are turned through 90° over an interval of 
500 ft or less and drilled in the direction normal 
to the expected orientation of induced fractures. 
Horizontal laterals reach from 1,000 to 5,000 ft 
although the optimum length is 2,500–3,500 ft. 
Shorter laterals require single stimulation and the 
casing is generally uncemented, whereas longer 
laterals require multi-stage stimulation and the 
casing is cemented. Perforations are placed in 
zones that are easiest to break, that is, silica-rich 
shale with low clay/carbonate content and shale 
with naturally occurring fractures. An optimal 
spacing of perforation clusters in the lateral can 
lead to fewer required fracture stages. If the spac-
ing is too close, a stress shadow may restrict frac-
ture growth in the middle cluster. If the spacing 
of perforation clusters is ideal, fracture growth 
will be enhanced in the orthogonal direction. To 
reduce the probability of creating multiple com-
peting fractures, the cluster length should be less 
than 4 times the wellbore diameter. Cementing 
isolates the annulus between perforation clusters, 
enabling the creation of independent hydraulic 
fractures at each perforation cluster. The use of 
a cross-linked gel and 100-mesh sand in the pad 
stage of treatment improves the ability to disperse 
the proppant around the borehole.

Wells are usually drilled vertically with air to 
the kick-off point where the operator switch-
es to an inhibited, water-based mud to drill 
to TD. Some operators use oil-based mud 
for its compatibility with the shale and/or to 
enhance the penetration rate. Laterals extend 
for 2,000 to 6,000 ft. Cemented production 
casing is most commonly used whereby each 
zone is isolated, perforated, and fractured 
in stages. A common variation involves 
an open hole with isolation by mechanical 
packer in conjunction with fracture-stimu-
lation-initiation sleeve. Simultaneous fracs 
may yield a significantly higher initial poten-
tial, and zipper fracs can prevent induced 
fractures from intersecting one another. 
Horizontal wells are generally stimulated in 
four to eight stages. Stimulation consists of: 
acid treatment, slickwater pad, fine-proppant 
sequences, coarse-proppant sequences, and 
fresh-water flushing.

Well  
performance

IP = 700–1,000 Mcfg/d (vertical) and 1,600–2,500 
Mcfg/d (horizontal). EUR = 0.7–1.0 bcfg  
(vertical) and 2.4–3.5 bcfg (horizontal).  
Recovery efficiency 10%, up to 20% with refrac. 
Well cost = $1,000,000 (vertical) and $2,000,000 
(horizontal).

IP = 1,000 Mcfg/d (vertical) and 1,400–9,000 
Mcfg/d (horizontal. EUR = 0.2–0.4 bcfg 
(vertical) and 0.6–3.5 bcfg (horizontal). 
Recovery efficiency 10%, up to 20% with 
refrac. Well cost = $1,000,000–$2,000,000 
(vertical) and $3,000,000–$4,000,000  
(horizontal).
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